Feasibility Study of Using Nuclear Batteries in Decentralized
Hydrogen Production

By

Emile Germonpré
MSc in Chemical Engineering
Universiteit Gent, 2022

Submitted to the Department of Nuclear Science and Engineering
in partial fulfillment of the requirements for the degree of

MASTER OF SCIENCE IN
NUCLEAR SCIENCE AND ENGINEERING

at the
MASSACHUSETTS INSTITUTE OF TECHNOLOGY
May 2024

© 2024 Emile Germonpré. All rights reserved.

The author hereby grants to MIT a nonexclusive, worldwide, irrevocable, royalty-
free license to exercise any and all rights under copyright, including to
reproduce, preserve, distribute and publicly display copies of the thesis, or
release the thesis under an open-access license.

Authored By: Emile Germonpré
Department of Nuclear Science and Engineering
May 14th; 2024

Certified by: Jacopo Buongiorno, PhD
Department of Nuclear Science and Engineering
TEPCO Professor of Nuclear Science and Engineering, Thesis
Supervisor

Accepted by: Ju Li, PhD
Department of Nuclear Science and Engineering
Chair, Department Committee on Graduate Students






Feasibility Study of Using Nuclear Batteries in Decentralized
Hydrogen Production and Offshore Power Generation
by
Emile Germonpré

Submitted to the Department of Nuclear Science and Engineering
on May 14th, 2024, in partial fulfillment of the requirements for the degree of
Master of Science in Nuclear Science and Engineering

Abstract

Nuclear batteries (NBs) are a class of factory-fabricated, autonomously operated microreactors that have
the potential to form an extremely versatile clean energy platform. However, they have a high levelized
cost of electricity (LCOE), so more insights are needed into how to leverage their unique features to
make attractive projects. To that goal, this work investigates using NBs in decentralized hydrogen
production to better understand their true value proposition and applicability. The work is part of a
larger project in which using NBs for offshore power generation is also investigated. Both the hydrogen
production and offshore power generation reports are available as CANES publications [1], [2].

The focus is exclusively on economics, as | do not foresee any technical challenges to this application. By
evaluating nearly 100 different projects, | highlight five factors needed for competitiveness; four of which
directly impact the cost of hydrogen production, as shown in Figure 1:

1. The facility size to dilute the cost of providing site security

2. The capital cost decrease over time due to the economies of multiples

3. Policy and regulation through clean energy subsidies and the requirement of on-site guards.
4. The efficient leveraging of NB’s high-temperature heat delivery

The fifth factor relates to the benefit of colocation of production and demand, as it can save on the large
hydrogen delivery costs. The delivery cost savings can make the best-performing semi-centralized NB
projects competitive with centralized production in contexts where transmission from the centralized
plants is not cheap. On the other hand, the distribution cost saving of on-site production is not decisive
according to my calculations. However, hydrogen delivery costs are highly context-dependent. So,
further work is needed to address other delivery contexts - e.g., rural communities — and to better
understand under which circumstances NBs can provide significant delivery cost saving.
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A 188 Levelized cost of: /
$/kg
. B Fuel - Centralized
50 4=====-=-
0&M

reforming + CCS
3 + pipeline delivery
95 ® 51 ™ " | production| 1.7 — 26

Delivery (0.9 —— 2.4
ﬁ @ 4.0 Rsoww, o= l @ $/kg
= = |\
Figure 1 A summary of the impact of the five factors on the LCOH2 with a final comparison to the cost of hydrogen

production using centralized methane reforming with carbon capture (taken from Ref. [3]) including the pipeline transmission
cost (taken from Ref. [4])

Production cost [$/kg]




Acknowledgments

This thesis is the culmination of what has been a long journey. But luckily, one that did not have to take
alone. So, | briefly want to thank some people who have made the journey possible or more enjoyable.

First and foremost, | want to thank Prof. Jacopo Buongiorno for his excellent guidance throughout my
Master’s and for facilitating many opportunities for my professional development — even when they
required me to travel halfway across the globe. | appreciate the trust you have given me to explore
avenues of the research as they popped up and to find my make my own timeline.

Although the thesis shows only one author, many have helped shape its results. | thank Prof. Koroush
Shirvan for double-checking and challenging the cost assumptions. In addition, | am grateful that Prof.
Jeong-lk Lee helped me find my way in the project's early days. Furthermore, | appreciate Dr. John
Parsons for sharing his expertise on the intricacies of energy economics and Dr. Ruaridh McDonald for
pointing me in the right direction with regard to hydrogen transport modeling. Finally, | wish to thank
Lucas Lallemant for his help modeling the central refueling facility and Carmon Sleight Crawford for
her insights into microreactor transportation.

| want to acknowledge those who supported me throughout graduate school. | am grateful for my mom,
dad, and Peter, who were always available to help me, even when the time zones made me call at odd
hours. | also want to thank Cue, Evan, and Nayoung, who periodically listened to me vent about the
woes of graduate student life. And finally, a big thanks to my brother and all my friends back home who
have welcomed me back with open arms and kept the holiday breaks equally busy as the exam periods
preceding them.



Table of contents

AADSTIACT ...ttt ettt st e e e et s et 3
ACKNOWIEAGMENTS......oeiii ettt 4
TADIE Of CONEENTS ..ottt sttt ettt 5
LiSt Of ADDIEVIAtIONS......cuveiiiiciciieiireiciceiseice ittt ettt 7
LISt Of TADIES.....eueeieiicice ettt st 8
LISt Of FIGUIES...oeciiiieiii ettt 10
EXECULIVE SUMMAIY ...coiiiiiiiiiiiiii s 18
L INEFOAUCTION oottt st 26
2. Nuclear battery reqQUITEMENTS .....c.ocuecueieieieirtiecee ettt ettt 27
3. CASE STUIES ettt 30
4. Hydrogen production COSt @NalYSis ......ccceueueirireieeeieiiiniineieeeneineieiseieeeseeisesseeeesesessessessesessessesnessessesesesnens 33
4.1 NUCIEAT DATEEIY COStcniiiiiiieieieirtee ettt ettt 33
4.2. Cost modeling MEthOdOIOZY .....c.ocueuiiiiiiiree ettt 38
4.3. The Inflation Reduction Act SUDSIAIEs.........ccocucvuiuiiiiciciiictccece e 41
4.4. PEM electrolysis With grid eleCtriCity......ovecciniininceiccrcecccecisceee e iseaseaesseseane 43
4.4.1. Community-scale ProdUCTION. ..ottt sseas et aseasesessesneane 43
4.4.2. Distributed ProdUCion.........c.ccceeininceceiceeneece ettt sseae ettt sesseasssesneans 45

4.5. PEM electrolysis with nuclear Datteries ... 47
4.5.1. Community-Scale ProdUCTION . .....oouoiuiiieeceeiccreee ettt 47
4.5.2. Distributed ProdUCion.........cccccceineiiincnceicneineiseece ettt seae st sesseasssesneans 55

4.6. SOEC electrolysis with nuClear batteries ... iseaeeseseane 60
4.6.1. Community-scale ProdUCTION. ...ttt sseseane 60
4.6.2. Distributed ProdUucion ...ttt 64

A7 TRISO FUE .ottt 68
4.8. Effect Of faAClity SIZING ...ccvereiiiriirceeeccrctrceccicticieeeeie ettt seasese ettt 71
4.9. Revenue from grid participation ... s 73
4.10. Production cost comparison and diSCUSSION .......c.ccecueieureiureerierisieineieee ettt 77
5. Partial hydrogen storage, distribution, and dispensing COStS ........oowumriniuririniorinerire e 82
5.1 MOAEIING SCOPE oottt sttt 82
5.2. Cost modeling MEthOdOIOZY ..ottt 85
5.3. Modeling the storage and transport of NYdrogen ... seaees 86
5.4, Distributed ProAUCHION ..ottt 91



Table of contents

5.5. CommuNity-SCale ProdUCION ....c.ociuiiiieieieicr ettt ettt 94
5.6. Total hydrogen cost comparison and diSCUSSION .......ccccueueureueeererniuiineceeneieieiseeeeenennesseaeessesessennens 99
6. Conclusion and fULUIE WOTK ...ttt ettt st 104
7. BIDIIOGIapRY ...t 106
Appendix A Waste and refueling cost calculations ... 112
AT WWASEE COSE ..ttt ettt 112
A2 REFUETING COST cuvnieiiiririieieeicce ettt s st 116
APPENiX B LCOE RESUILS ..ottt ettt 119
BT NUCIEAE DATLEIIES......euieiieeiicis ettt ettt 119
B.1.1 Community-Scale ProdUCtion.........c.coeeieiiiniincnieeresece ettt e 119
B.1.2 Distributed production ...ttt 120
B.1.3 Distributed production wWith two NBS.......cccoviiiiiiieeeereeee e 121

B.2 Nuclear batteries used in SOEC €leCtrolysis ......c.cvveeerciniireireeieieineineecceeieineiseeeeeseseisessessesessesens 122
B.2.1T Distributed production ...ttt 122
APPENdiX C LCOH2 RESUILS ...ttt 124
C.1 PEM electrolysis with grid €leCtriCity ......ccooecneireeceiciinircecceneineieieeeneeieiseseesesse e isessesesaeseane 124
C.1.71 Community-Scale ProdUCLION .......c.oceceeeuciniireirceieieieieisceeeeieei et sseaeesesse e sseasesessessesnees 124
C.1.2 Distributed production. ...ttt st 125

C.2 PEM electrolysis with nuclear Datteries ... 126
C.2.1 Community-Scale ProdUCION ..ottt 126
C.2.2 Distributed Producion.........ccrcreeincnineirceeeieseineiseeeee et seiseae et sesessesse e sessessssessesnees 129
C.2.3 Distributed production With tWo NBS ......c.ccocvceieiinirrcciccreercece et seisesseaessesens 132

C.3 SOEC electrolysis with NUCIear Datteries........ocvurcrieieiiineireeeeese e 135
C.3.1 Community-SCale ProdUCHION .......c.ocueceeieiiieireeee et 135
C.3.2 Distributed production........cccrceeeicnerceceeereiseeeee ettt sesesse et sessessesessesnees 138
C.3.3 Distributed production With tWo NBS ... nees 141



List of Abbreviations

CA California

CANDU Canadian deuterium uranium
EOL End-of-life

FOAK First-of-a-kind

FTE Full-time employee

GHG Greenhouse gas
GREET  Greenhouse gases, Regulated Emissions, and Energy use in Technology
HALEU  High-Assay Low-Enriched Uranium

INL Idaho National Laboratory
IRA Inflation Reduction Act
IRC Internal Revenue Code
ITC Investment tax credit

HM Heavy metal

LCOE Levelized cost of electricity
LCOH Levelized cost of heat
LCOH2  Levelized cost of hydrogen

MC Monte Carlo

NB Nuclear battery

NEA Nuclear Energy Agency

NOAK Nth-of-a-kind

NRC Nuclear Regulatory Commission
o&M Operations and maintenance
PEM Polymer Electrolyte Membrane
pLCOH2 Partial levelized cost of hydrogen
PTC Production tax credit

PWR Pressurized water reactor

SNF Spent nuclear fuel

SOEC Solid oxide electrolysis cell

SMR Steam methane reforming

Swu Separative work unit



List of Tables

Table 1 The cases considered in the €cONOMIC ANAlYSIS.....cccueiiueiiiriiirire s 19
Table 2 Qualitative assessment of the requirements for the NBs when used in hydrogen production and
offshore power generation: green indicates the requirement is highly relevant to the application, yellow
indicates moderate relevance, and orange means the requirement is either not strict or not applicable27

Table 3 The cases considered in the €cONOMIC ANAlYSIS.....cccueieuriiiriiirieee s 32
Table 4 Cost assumptions for the NBs; FOAK capital costs are shown in red.........coccocveoeoeninincnccnence. 34
Table 5 The base clean hydrogen credit under the IRA as a function of the hydrogen production emissions
.............................................................................................................................................................................................. 42
Table 6 Model assumptions for a community-scale PEM facility with electricity bought from the grid 43
Table 7 Model assumptions for distributed PEM electrolysis with electricity bought from the grid........ 46
Table 8 NOAK model assumptions for a community-scale PEM facility with electricity produced by NBs,
FOAK NB capital costs are ShOWN in Fed ..ot 47
Table 9 NOAK model assumptions for distributed PEM electrolysis with electricity produced by NBs,
FOAK capital costs are SROWN iN e ...ttt 55
Table 10 NOAK model assumptions for a community-scale SOEC facility with electricity and heat
provided by NBs, FOAK capital costs are Shown in red ..o 60
Table 11 NOAK model assumptions for distributed PEM electrolysis with electricity and heat provided
by NBs, FOAK capital costs are ShOWN in red .......cccocveceieiniiniinceeeeeineinceeeneneineseeseeeesesseinessesseasssesnenns 64
Table 12 A list of NB designs that are being developed ... 69
Table 13 Model assumptions for on-site hydrogen production using NBs......cccocoeveiviinineneinenenceceenee, 91
Table 14 Model assumptions for community-scale hydrogen production with gaseous truck delivery..94
Table 15 Geometric parameters of the fuel assemblies of different reactor types.......cocoeeeveverreurenecence. 112
Table 16 Assumptions for the central facility cost Model........cccvveoecininncccerececcnereeceeeene 117
Table 17 LCOE breakdown for community-scale PEM electrolysis with UO2-fueled NBs, LCOE given in
S/MWH @S I G [T, Mttt s 119
Table 18 LCOE breakdown for community-scale PEM electrolysis with TRISO-fueled NBs, LCOE given
N $/MWH QS [ £ G [M, Moottt et 119
Table 19 LCOE breakdown for distributed PEM electrolysis with UO,-fueled NBs, LCOE given in $/MWh
AS L E G [N, M] ettt 120
Table 20 LCOE breakdown for distributed PEM electrolysis with TRISO-fueled NBs, LCOE given in
/MW @S [ 2 0 [M, Mt 120
Table 21 LCOE breakdown for distributed PEM electrolysis with two UO,-fueled NBs, LCOE given in
/MW @S [ 0 [M, Mo e 121
Table 22 LCOE breakdown for distributed PEM electrolysis with two TRISO-fueled NBs, LCOE given in
/MW @S Lt G [N, Mttt st 121
Table 23 LCOE breakdown for distributed SOEC electrolysis with UO,-fueled NBs, LCOE given in
S/MWH @S [ 0 [T, Mttt 122
Table 24 LCOE breakdown for distributed SOEC electrolysis with TRISO-fueled NBs, LCOE given in
/MW @S [ 2 0 [M, Mttt e 123
Table 25 LCOH2 for PEM electrolysis using grid electricity in $/kg as p £ 6 [m, M] coocreiviiriinincnnn, 124
Table 26 LCOH2 breakdown for semi-centralized PEM electrolysis with UO,-fueled NBs, LCOH2 given
1N B/KE @S Lt G [M, M ettt e et 126
Table 27 LCOH2 breakdown for semi-centralized PEM electrolysis with TRISO-fueled NBs, LCOH2 given
N $/KE @S L 0 [N, M oottt 127



List of Tables

Table 28 LCOH2 breakdown for distributed PEM electrolysis with UO>-fueled NBs, LCOH2 given in $/kg

AS L O [N, M ettt 129
Table 29 LCOH2 breakdown for distributed PEM electrolysis with TRISO-fueled NBs, LCOH2 given in
B/KG S £ O [, Moottt 130
Table 30 LCOH2 breakdown for distributed PEM electrolysis with two UO>-fueled NBs, LCOH2 given in
B/KG S £ O [, Moottt 132
Table 31 LCOH2 breakdown for distributed PEM electrolysis with two TRISO-fueled NBs, LCOH2 given
IN $/KE @S L 0 [N, M ittt e 133
Table 32 LCOH2 breakdown given in $/kg as p + o [m, M] for semi-centralized SOEC electrolysis with
UO2fUEIEA NBS ... 135
Table 33 LCOH2 breakdown for community-scale SOEC electrolysis with TRISO-fueled NBs, LCOH2
ZIVEN N $/KZ @S L £ 0 [M, Mottt ettt e 136
Table 34 LCOH2 breakdown for distributed SOEC electrolysis with UO,-fueled NBs, LCOH2 given in
B/KE @S L £ O [M, M ittt 138
Table 35 LCOH2 breakdown for distributed SOEC electrolysis with TRISO-fueled NBs, LCOH2 given in
B/KE @S L £ O [M, M ittt 139
Table 36 LCOH2 breakdown for distributed SOEC electrolysis with two UO2-fueled NBs, LCOH2 given
N $/KE @S L G [N, M ittt st 141
Table 37 LCOH2 breakdown for distributed SOEC electrolysis with two TRISO-fueled NBs, LCOH2 given
N $/KE @S L G [N, M ittt sttt 142



List of Figures

Figure T A summary of the impact of the five factors on the LCOH2 with a final comparison to the cost
of hydrogen production using centralized methane reforming with carbon capture (taken from Ref. [3])
including the pipeline transmission cost (taken from Ref. [4]) oo 3
Figure 2 Comparison of the LCOE for electricity production with NBs to the projected 2030 wholesale
electricity price in CA (green) and retail price (grey) [7]. The light blue bar shows the LCOE in case no
Investment Tax Credits (ITC) are claimed under the Inflation Reduction Act (IRA), and the black line
shows the single standard-deviation range............ccciininincscce e saes 19
Figure 3 The evolution of the LCOE and LCOH2 as a function of the number of installed NBs in a semi-
centralized PEM model. The data labels represent the percentage decline compared to the previous data

point and the grey line corresponds to the asymptote at infinite number of NBs........cccccccceunininiicnnnanes 20
Figure 4 The percentage decrease in the LCOE and LCOH2 upon adding a second NB as a function of
the number of required ON-SIt€ GUAITS.....c.ovueieiiiriircieee et 20

Figure 5 Comparison of the lowest LCOH2 estimates for with different technologies, the LCOH2 is
broken up in two columns for each case to show share of the levelized cost of the electrolyzers versus
energy and to show the distribution between the levelized costs of capital, O&M, and fuel. The grey bars
show the LCOH2 in case no subsidies are claimed under the IRA ..o 21
Figure 6 Comparison of the total LCOH2 between semi-centralized and distributed production with PEM
and SOEC. For the distributed production, the left bar represents production with a single NB and the
right bar represents production With tWo NBS.........ccccccerrecninineceeeeseeeeene et seiseaseasesesneans 21
Figure 7 Box plots of the total LCOH2 difference between distributed and semi-centralized production
as determined from Monte Carlo simulations with consistent sampling. Semi-centralized PEM/SOEC
production is the reference for the differences, with the labels denoting what type of distributed
PrOAUCEION IS USEA..c..euveiieiiicicieecicieiei ettt ettt sttt bt 21
Figure 8 A schematic comparing the LCOH2 of the community-scale (“Semi-centr. NBs”) and distributed
(“On-site”) NB projects to those of competing technologies at the different levels of the hydrogen supply
chain. The reforming production costs come from Pinsky et al. [8], the transmission costs from André et
al. [4], and the production cost using solar power from Vickers et al. [9]. All costs are inflated to 2022
USD, and the solar LCOH2 is adjusted to account for the IRA clean hydrogen PTC.......cccocooveunirneeence. 22
Figure 9 Comparison of the lowest LCOH2 estimates for semi-centralized production with NOAK and
FOAK NBs and different fuel types, the LCOH2 is broken up in two columns for each case to show share
of the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs of capital, O&M, and fuel. The grey bars show the LCOH2 in case no subsidies are claimed under
ERE TRA s 23
Figure 10 Boxplots of the LCOH2 difference distributions resulting from coupled Monte Carlo
simulations. For each boxplot, one assumption is changed compared to the reference, which is a
community-scale PEM facility using UO>-fueled NOAK NBs and claiming mixed subsidies.................... 24
Figure 11 Boxplots of the LCOH2 difference distributions resulting from coupled Monte Carlo
simulations. For each boxplot, one assumption is changed compared to the reference, which is on-site
production using PEM electrolyzers with a single UO,-fueled NOAK NB and claiming mixed subsidies

Figure 12 A summary of the impact of the five factors on the LCOH2 with a final comparison to the cost
of hydrogen production using centralized methane reforming with carbon capture (taken from Ref. [3])
including the pipeline transmission cost (taken from Ref. [4]) ...ccocverrieieninnceccrererceeeereeeeeeeeneene 24
Figure 13 Visualization of the LANL's Megapower design [12] ........coceeririininenesineinereeeeeeee e 26



List of Figures

Figure 14 Suggested locations for hydrogen production facilities of different technologies by 2030 in the
low hydrogen demand scenario of [14]. Electrolyzer wind/solar refer to (centralized) electrolysis with
wind/solar energy, thermochemical refers to facilities producing hydrogen from biomass from forests
and agricultural residue, dairy facilities make hydrogen from anaerobic dairy digesters, food refers to
hydrogen production from the residential waste stream, and SMR refers to steam methane reforming

.............................................................................................................................................................................................. 30
Figure 15 The predicted hydrogen demand gap in CA in 2027 [6].....cocceeuvereiremremrensieineineereeeeieseseeseeeeeeeenne 31
Figure 16 The evolution of NB costs as a function of the number of NBs deployed with differing FOAK
costs: 10 000 $/kWe (low), 15 000 $/kWe (medium), and 20 000 $/kWe (high) .......cccocoveveeioeninenincnicncnnes 36
Figure 17 The evolution of NB costs as a function of the number of NBs deployed with differing learning
rates: 11.5 % (low), 15 % (medium), and 19 % (Nigh) ..o 36

Figure 18 The evolution of NB costs as a function of the number of NBs deployed with mutually
reinforcing differences in FOAK costs and learning rates: 10 000 $/kWe and 19 % (low), 15 000 $/kWe and
15 % (medium), and 20 000 $/kWe 11.5 % (NG ..c.vurvriiiiieeerr et 36
Figure 19 The evolution of NB costs as a function of the number of NBs deployed with opposing
differences in FOAK costs and learning rates: 10 000 $/kWe and 11.5 % (low), 15 000 $/kWe and 15 %

(medium), and 20 000 $/kWe and 19 % (RiGH) c..cvuevueueeererceerree et saesieen 36
Figure 20 LCOH2 for community-scale PEM electrolysis with grid electricity ......cocooveeeencnencccccncnnn. 44
Figure 21 Tornado chart for the LCOH2 (in $/kg) in a community-scale PEM facility running on grid
EIECETICTTY ettt st st et sttt ettt bbbttt 44

Figure 22 Comparison of the LCOH2 for PEM electrolysis using grid electricity when claiming different
types of IRA subsidies, the LCOH2 is broken up in two columns for each case to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs

Of capital, O8M, ANA fUEL ...ttt ettt 45
Figure 23 LCOH2 for distributed PEM electrolysis with grid electricity ........ccocoeeeveunernercencncnenccccicnnnn. 46
Figure 24 LCOH2 for distributed PEM electrolysis with grid electricity when claiming PTCs under the
TRA 46
Figure 25 LCOE for electricity supplied by NOAK NBs without IRA subsidy .....c.cccccocovvceevencnenceccencennn. 49

Figure 26 Tornado chart for the LCOE (in $/MWh) of electricity by NOAK NBs without IRA subsidy ..49
Figure 27 LCOH2 for community-scale PEM electrolysis with electricity supplied by NOAK NBs without

TRA SUDSTAY ottt s ettt 50
Figure 28 Tornado chart for the LCOH2 (in $/kg) in a community-scale PEM facility powered by NOAK
NBS Without IRA SUDSIAY ...ccueiiiieeicieirccnrcc ettt ettt ettt e s seen 50
Figure 29 LCOH2 for community-scale PEM electrolysis with electricity supplied by NOAK NBs claiming
AN TRA TTC ettt sttt sttt eaesneac 51
Figure 30 Tornado chart for the LCOH2 (in $/kg) in a community-scale PEM facility powered by NOAK
NBs and claiming an TRA TTC ...ttt sttt 51
Figure 31 LCOH2 for community-scale PEM electrolysis with NOAK NBs subsidized by PTCs............... 52
Figure 32 Tornado chart for the LCOH2 (in $/kg) in a community-scale PEM facility powered by NBs
ClAIMING PTCS ettt st st sttt sttt 52
Figure 33 LCOH2 for community-scale PEM electrolysis with electricity supplied by NOAK NBs with
MIXEd TRA SUDSTAIES. ..o 53
Figure 34 Tornado chart for the LCOH2 (in $/kg) in a community-scale PEM facility powered by NOAK
NBs with mixed IRA SUDSIAIES...........ccoiiiiiiiiiccc s 53

Figure 35 Comparison of the LCOH2 for community-scale PEM electrolysis using NOAK NBs when
claiming different types of IRA subsidies, the LCOH2 is broken up in two columns for each case to show



List of Figures

share of the levelized cost of the electrolyzers versus energy and to show the distribution between the

levelized costs of capital, O&M, aNd fUEL.......o.oouiuieriee e 53
Figure 36 LCOE for community-scale production with FOAK NBs without IRA subsidy............cccccccc..... 54
Figure 37 Tornado chart for the LCOE (in $/MWh) for community-scale production with FOAK NBs
WIthOUL TRA SUDSTAY ..ttt sttt 54
Figure 38 LCOH2 for community-scale PEM electrolysis with FOAK NB electricity without IRA subsidy
.............................................................................................................................................................................................. 54
Figure 39 LCOH2 for community-scale PEM electrolysis with electricity supplied by FOAK NBs with
MIXEd TRA SUDSIAY ..ot 54

Figure 40 Comparison of the LCOH2 for community-scale PEM electrolysis using FOAK NBs when
claiming different types of IRA subsidies, the LCOH2 is broken up in two columns for each case to show
share of the levelized cost of the electrolyzers versus energy and to show the distribution between the

levelized costs of capital, O&M, and fUEL.......co.oouiuivriee e 55
Figure 41 LCOE for electricity supplied by a single FOAK NB ......c.ccoiiiinrreercresceee e 57
Figure 42 Tornado chart for the LCOE (in $/MWh) of electricity by a single FOAK NB..........cccccccooueuuucecn. 57

Figure 43 Comparison of the LCOH2 for distributed PEM electrolysis using NOAK NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of
the electrolyzers versus energy and to show the distribution between the levelized costs of capital, O&M,

AN TUCL L.t e 58
Figure 44 LCOH2 for distributed PEM electrolysis with FOAK NBs without IRA subsidy ..........cccccceceuc... 59
Figure 45 LCOH2 for distributed PEM electrolysis with FOAK NBs with mixed IRA subsidies................ 59
Figure 46 LCOH2 for community-scale SOEC electrolysis with electricity supplied by NOAK NBs without
TRA SUDSTAY ettt ettt e st sttt seasese st 62
Figure 47 Tornado chart for the LCOH2 (in $/kg) in a community-scale SOEC facility powered by NOAK
NBS Without IRA SUDSIAIES ......cueeeeeiciicirceccccceceiciete ettt ssessese et ssesessesnees 62

Figure 48 Comparison of the LCOH2 for community-scale SOEC electrolysis using NOAK NBs when
claiming different types of IRA subsidies, the LCOH2 is broken up in two columns for each case to show
share of the levelized cost of the electrolyzers versus energy and to show the distribution between the

levelized costs of capital, O&M, and fUEL.......ccoouiuimrimriee et 63
Figure 49 LCOH2 for community-scale SOEC electrolysis with electricity supplied by FOAK NBs without
TRA SUDSTAY ettt sttt 64
Figure 50 LCOH2 for community-scale SOEC electrolysis with electricity supplied by FOAK NBs with
MIXEA TRA SUDSTAIES ..ottt ettt sttt 64
Figure 51 LCOH2 for distributed SOEC electrolysis with electricity supplied by NOAK NBs without IRA
SUDSTAY oottt st st et ettt 66
Figure 52 Tornado chart for the LCOH2 (in $/kg) for distributed SOEC electrolysis with electricity
supplied by NOAK NBs Without IRA SUDSIAY .....c.ocueieiiiiriireieieieitireireeee ettt 66
Figure 53 LCOH2 for distributed SOEC electrolysis with electricity supplied by FOAK NBs without IRA
SUDSTAY oottt ettt 67
Figure 54 Tornado chart for the LCOH2 (in $/kg) for distributed SOEC facility powered by FOAK NBs
WIthout TRA SUDSIAY ..o 67
Figure 55 Schematic of PWR fuel assembly and fuel rods. Taken from Ref. [51] ....ccccooeveveeineinenenccnncnnenn. 68
Figure 56 Schematic representation of a TRISO particle and the way it is stacked in the core. Taken from
RET. [52] ettt i 68
Figure 57 Tornado chart for the LCOH2 (in $/kg) in a semi-centralized PEM facility powered by UO,-
fueled NBs with mixed IRA SUDSIAIES ......c.cuevueiiiriircieeeicrrceccc ettt seen 70



List of Figures

Figure 58 Tornado chart for the LCOH2 (in $/kg) in a semi-centralized PEM facility powered by TRISO-
fueled NBs with mixed IRA SUDSIAIES ........ovueuevmiiiriiciccicceecircce ettt 70
Figure 59 The evolution of the LCOE and LCOH2 as a function of the number of installed NBs in a semi-
centralized PEM model. The data labels represent the percentage decline compared to the previous data
point and the grey line corresponds to the asymptote at infinite number of NBs......ccccoccocveveinencinciennnce 71
Figure 60 Box plots with distribution overlay for the LCOH2 decline upon adding a second NB while
claiming mixed subsidies in both cases. The box plot whiskers represent the 5" and 95t percentiles and
the mean is represented by a diamond Marker ... 71
Figure 61 The percentage decrease in the LCOE and LCOH2 upon adding a second NB as a function of
the number of required ON-Site GUAIAS.......ccocveuuiuriuriiciciieiircrce ettt 72
Figure 62 2022 CAISO average wholesale electricity price in five-minute intervals. The threshold price
between electricity and hydrogen production is 100 $/ MWh in the figure........ccocoocveeenencncivecnencncrennnee 73
Figure 63 Revenue on per-MW basis associated with the sale of hydrogen and electricity of a coproducing
PEM facility, the hydrogen only line corresponds to a facility that does not sell electricity to the grid. 74
Figure 64 The LCOH2 impact of selling electricity to the grid as a function of the hydrogen price for both

semi-centralized and distributed production using PEM .......coooiiiiireeesenee e 74
Figure 65 The annual number of hours in which hydrogen is produced instead of selling electricity to the
grid as a function of the hydrogen Price...... et seasesessesneans 74

Figure 66 2022 wholesale electricity price on the SOUTHBY_6_NO001 node in Sacramento in five-minute
intervals. The threshold price between electricity and hydrogen production is 100 $/MWh in the figure

Figure 67 Comparison of the LCOE for electricity production with NOAK NBs on a community-scale and
for a single NB to the projected 2030 wholesale electricity price in CA (green) and retail price (grey) [7]

Figure 68 Comparison of the lowest LCOH2 estimates for community-scale production with different
technologies, the LCOH2 is broken up in two columns for each case to show share of the levelized cost
of the electrolyzers versus energy and to show the distribution between the levelized costs of capital,
O M, ANA TUECL ..ttt ettt ettt e s et e st et e et et et et sse s ese s s st e s ss et esesseseassssssesssensesensssensoneans 78
Figure 69 Comparison of the lowest LCOH2 estimates for distributed production with different
technologies, the LCOH2 is broken up in two columns for each case to show share of the levelized cost
of the electrolyzers versus energy and to show the distribution between the levelized costs of capital,
O BUM, AN TUET ..ttt ettt s st s et st ss s e st sss e e st sassentsssenensassssssnsassssnsnsasssossnsnras 78
Figure 70 Comparison of the lowest LCOH2 estimates for community-scale production with NOAK and
FOAK NBs, the LCOH2 is broken up in two columns for each case to show share of the levelized cost of
the electrolyzers versus energy and to show the distribution between the levelized costs of capital, O&M,
AN FUET .o 80
Figure 71 Boxplots of the LCOH2 difference distributions resulting from coupled Monte Carlo
simulations. For each boxplot, one assumption is changed compared to the reference, which is a
community-scale PEM facility using UO>-fueled NOAK NBs and claiming mixed subsidies.................... 81
Figure 72 Boxplots of the LCOH2 difference distributions resulting from coupled Monte Carlo
simulations. For each boxplot, one assumption is changed compared to the reference, which is on-site
production using PEM electrolyzers with a single UO,-fueled NOAK NB and claiming mixed subsidies

.............................................................................................................................................................................................. 81
Figure 73 Components of the hydrogen supply chain. Figure adapted from Ref. [63] to show the scope
I ERIES WOTK oot 83

Figure 74 Components of a gaseous hydrogen refueling station. Figure adapted from Ref. [64] to show
the scope in this work where greyed out items are not relevant to the type of refueling station and supply



List of Figures

chain considered in this work and the red rectangles show which items are neglected in the cost

AIffErenCe MOAEIING ...coucvnieiiii ettt 84
Figure 75 Current costs associated with the different steps of the hydrogen supply chain. The costs are
inflated to 2022 USD from Refs. [64], [65]..cvvicrurieririeririririsirisirisisieistsissessssessssssssasssssssssssssssssssasssssssssssssasssanss 84
Figure 76 Schematic representation of the distributed production model .........cccoccocoevvincneciveinencincrennnes 87
Figure 77 Demand profile used in the sensitivity analyses of the transport and storage model with
diStriDUtEd ProOAUCTION ..cceeeie ettt st st sttt st 87
Figure 78 The model components in semi-centralized production where a quarter of the production plant
that supplies five separate stations is modeled..............ccccocoiiiiiiiniicce e 88
Figure 79 Demand profiles used in the sensitivity analyses of the transport and storage model with semi-
Centralized ProdUCTION ..o 90
Figure 80 The evolution of the binary values xp j,i as a function of time over four days, a value of one
indicates the truck is at the production Plant ... 90
Figure 81 The evolution of the binary values xs j,i as a function of time over four days, a value of zero
indicates that the old trailer is being replaced with a new one and is hence unavailable........................... 90
Figure 82 The mass of hydrogen stored in the station’s tank as a function of time throughout the month
when the station is subjected to the reference profile of used in sensitivity analyses.......c..cccccocovececeeucnnce. 92
Figure 83 Component-wise pLCOH2 breakdown for distributed production resulting from a MC
Simulation With 5000 SAMPIES ..ottt sttt sttt et 93

Figure 84 Tornado chart for the pLCOH2 (in $/kg) of a station with on-site hydrogen production......... 93
Figure 85 The mass of hydrogen stored in the tanks as a function of time throughout a single week when
the station is subjected to the reference profile of used in sensitivity analyses. The dashed line indicates

which moments define the station tank CaPaCItY ... s 96
Figure 86 Component-wise pLCOH2 breakdown for semi-centralized production resulting from a MC
SIMUIAtION With 5000 SAMPIES ......oviiiiiiriieieeireirereee ettt st sttt 97
Figure 87 Logistical pPLCOH2 breakdown for semi-centralized production resulting from a MC simulation
WIth 5000 SAMPIES ...ttt sttt bbbt 97
Figure 88 Tornado chart for the pLCOH2 (in $/kg) in a semi-centralized production scheme................... 98
Figure 89 Component-wise pLCOH2 breakdown for distributed production resulting from a MC
SIMUIAtioN With 5000 SAMPIES ......oviuiuierieeieieireirtireee ettt st 99
Figure 90 Component-wise pLCOH2 breakdown for semi-centralized production resulting from a MC
SIMUIAtION With 5000 SAMPIES.......cceviiriireeeeeeicineireireiecieiee ettt seasese et seasese st sessesesaeans 99

Figure 91 Comparison of the total LCOH2 between semi-centralized and distributed production with
PEM and SOEC. For the distributed production, the left bar represents production with a single NB and
the right bar represents production With tWo NBS .......cc.ccvririiiiniireeeeeeree et 100
Figure 92 Box plots of the total LCOH2 difference between semi-centralized and distributed production
as determined from Monte Carlo simulations with consistent sampling. Semi-centralized PEM/SOEC
production is the reference for the differences, with the labels denoting what type of distributed
PrOAUCLION IS USEM c..euiviriniicicieitecictecit ettt ettt sttt 100
Figure 93 Tornado chart of the total cost (in $/kg) model for distributed PEM electrolysis with a single
UO;,-fueled NOAK NB claiming mixed SUDSIAIES ........c.ovueemreriiiriirieeieecsceee e 101
Figure 94 Tornado chart of the total cost (in $/kg) model for semi-centralized PEM electrolysis with UO»-
fueled NOAK NBs claiming mixed SUDSIAIES ........c.ovueieririiireieieeeitiree et 101
Figure 95 A schematic comparing the LCOH2 of the community-scale (“Semi-centr. NBs”) and
distributed (“On-site”) NB projects to those of competing technologies at the different levels of the
hydrogen supply chain. The reforming production costs come from Pinsky et al. [8], the transmission



List of Figures

costs from André et al. [4], and the production cost using solar power from Vickers et al. [9]. All costs are
inflated to 2022 USD, and the solar LCOH2 is adjusted to account for the IRA clean hydrogen PTC...102

Figure 96 Liquid metal and FLiBe core design of Shrivan et al. [21].....cccccocoeueinencenereinenccrecncirceereeans 113
Figure 97 Schematic of a CANDU disposal cask, taken from Ref. [80].......ccccccocreunererernencrncrecncrercrenens 113
Figure 98 Schematic showing the positions of the NB assemblies in the CANDU bundle slot, the radii of
the blue and green circles match the radii of the NB assemblies and CANDU bundles............................ 113
Figure 99 Decay power as a function of time based on decay power calculations from Ref. [78]........... 114
Figure 100 Rendering of the NUHOMS® EQOS P37, taken from Ref. [81] ....cccocovuiiviinirinieierencinceceieenne 114
Figure 101 Schematic showing the positions of the NB assemblies in the PWR assembly slot, taken from
REF. [ 8] eeeeeeeeeeeee oo eeeeeeeesee e seeeeee e eseeee e eneeeee e 114
Figure 102 The LCRF (in $/NB) distribution resulting from a Monte Carlo simulation with an overlay of
the approximate triangular distribution ... 118
Figure 103 The cost breakdown of the LCRF resulting from Monte Carlo simulations with 50 000 samples
............................................................................................................................................................................................ 118
Figure 104 Tornado chart of the LCRF (in $/NB) ....c.ocuiiiiieirereineieeeireieiesiesiseisesessesiseise e siesisessessessesanees 118

Figure 105 Comparison of the LCOH2 for community-scale PEM electrolysis using grid electricity when
claiming different types of IRA subsidies, the LCOH2 is broken up in two columns for each case to show
share of the levelized cost of the electrolyzers versus energy and to show the distribution between the
levelized costs of capital, O&M, ANd fUEL........ococriiiiiieee et 124
Figure 106 Comparison of the LCOH2 for distributed PEM electrolysis using grid electricity when
claiming different types of IRA subsidies, the LCOH2 is broken up in two columns for each case to show
share of the levelized cost of the electrolyzers versus energy and to show the distribution between the
levelized costs of capital, O&M, and fUEL.........couoiiuiiiiiire e 125
Figure 107 Comparison of the LCOH2 for community-scale PEM electrolysis using NOAK UO,-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, ANd fUEL ..ottt 126
Figure 108 Comparison of the LCOH2 for community-scale PEM electrolysis using FOAK UO;-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs of capital, O&M, ANd fUEL ...ttt sees 127
Figure 109 Comparison of the LCOH2 for community-scale PEM electrolysis using NOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, aANd fUEL ..ottt saesaeen 128
Figure 110 Comparison of the LCOH2 for community-scale PEM electrolysis using FOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, ANd fUEL ..ottt 128
Figure 111 Comparison of the LCOH2 for distributed PEM electrolysis using NOAK UO,-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O8M, ANd fUEL ...ttt ettt 129
Figure 112 Comparison of the LCOH2 for distributed PEM electrolysis using FOAK UO,-fueled NBs when
claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized
cost of the electrolyzers versus energy and to show the distribution between the levelized costs of capital,
OB, AN TUE ettt te ettt s s e sstss e e sstsssse s st ssesessessesasesonssasssonessasssonssasas 130



List of Figures

Figure 113 Comparison of the LCOH2 for distributed PEM electrolysis using NOAK TRISO-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O8M, ANA fUEL ...ttt e s 131
Figure 114 Comparison of the LCOH2 for distributed PEM electrolysis using FOAK TRISO-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O8M, ANA fUEL ...ttt et 131
Figure 115 Comparison of the LCOH2 for distributed PEM electrolysis using two NOAK UO>-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O&M, ANA FUEL....ieiee ettt 132
Figure 116 Comparison of the LCOH2 for distributed PEM electrolysis using two FOAK UO,-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O8M, ANA FUEL ...ttt 133
Figure 117 Comparison of the LCOH2 for distributed PEM electrolysis using two NOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs of capital, O&M, and fUE ..ottt sttt et 134
Figure 118 Comparison of the LCOH2 for distributed PEM electrolysis using two FOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, aNd fUEL ..ottt 134
Figure 119 Comparison of the LCOH2 for community-scale SOEC electrolysis using NOAK UO;-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs of capital, O&M, ANd fUEL ..ottt sees 135
Figure 120 Comparison of the LCOH2 for community-scale SOEC electrolysis using FOAK UOy-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, ANd fUET ..ottt 136
Figure 121 Comparison of the LCOH2 for community-scale SOEC electrolysis using NOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, ANd fUEL ..ottt 137
Figure 122 Comparison of the LCOH2 for community-scale SOEC electrolysis using FOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs of capital, O&M, and fUEL ..ottt ettt 137
Figure 123 Comparison of the LCOH2 for distributed SOEC electrolysis using NOAK UO,-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O8M, ANA FUEL....ieieee ettt s 138
Figure 124 Comparison of the LCOH2 for distributed SOEC electrolysis using FOAK UO,-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the



List of Figures

levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O&M, ANA FUEL ...t st 139
Figure 125 Comparison of the LCOH2 for distributed SOEC electrolysis using NOAK TRISO-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O8M, ANA fUEL ...ttt 140
Figure 126 Comparison of the LCOH2 for distributed SOEC electrolysis using FOAK TRISO-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O&M, ANA FUEL ...ttt 140
Figure 127 Comparison of the LCOH2 for distributed SOEC electrolysis using two NOAK UO,-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, aNd fUEL ..ottt 141
Figure 128 Comparison of the LCOH2 for distributed SOEC electrolysis using two FOAK UO2-fueled NBs
when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the
levelized cost of the electrolyzers versus energy and to show the distribution between the levelized costs
Of capital, O8M, ANd fUEL.....oouieee sttt ettt et 142
Figure 129 Comparison of the LCOH2 for distributed SOEC electrolysis using two NOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs of capital, O&M, and fUE .......c.ou ittt et 143
Figure 130 Comparison of the LCOH2 for distributed SOEC electrolysis using two FOAK TRISO-fueled
NBs when claiming different types of IRA subsidies, the LCOH2 is broken in two ways to show share of
the levelized cost of the electrolyzers versus energy and to show the distribution between the levelized
costs Of capital, O&M, ANd fUEL ..ottt 143



Executive summary

Nuclear batteries (NBs) are an innovative class of nuclear microreactors with a thermal output below 30
MWth. They promise to provide energy as a service to customers with minimal staff and site preparation
requirements, with rapid deployment — on the order of days to weeks — owing to their compactness (size
of one or multiple shipping containers) and autonomous plug-and-play nature. In addition, the
possibility for colocation of the NBs with customers and their high targeted reliability (capacity factors
upwards of 90%) limits the need for costly transmission and storage systems.

The features of NBs are especially appealing in the context of hydrogen production, as the hydrogen
transport and dispensing costs are prohibitively high for the development of a hydrogen economy - in
2017, the hydrogen transport and dispensing costs were 14.4 - 15.6 $/kg [5]. So, the study aims to identify
the requirements NBs must satisfy for decentralized electricity or hydrogen production and their ability
to do so.

In Section 2, a set of requirements is given for the context of both hydrogen production and the use of
NBs in offshore power generation, but the set is only treated qualitatively in this attachment. No system
requirements have been identified that are unique or more stringent for electrolysis than for grid
electricity production. Thus, the limiting requirement for the viability of NB-power electrolysis is its
economics, which is why the study has focused mainly on the economics of hydrogen production using
NBs.

For the economic analysis, several projects starting in 2030 in California (CA) are considered, see Table
1. The projects either buy electricity from the grid, or produce it using NBs. In the latter case, the more
efficient, high-temperature Solid Oxide Electrolysis Cells (SOEC) are considered alongside the mature
low-temperature Polymer Electrolyte Membrane (PEM) electrolysis. CA is chosen because many
hydrogen projects have been developed there already, and hence, data on costs and price projections is
readily available. Two types of decentralized hydrogen production are considered, one is a community-
scale facility that is close to the demand and the other is on-site production using a single NB — hereafter
often referred to as semi-centralized and distributed production, respectively.

The capacity of the community-scale facilities represents an electrical demand of roughly 60 MWe for
PEM electrolysis and 45 MWe for SOEC electrolysis, well within the reasonable range for a multiple-NB
project. For the distributed production, a capacity of 1600 kg/d is chosen based on the capacity of the
currently-largest hydrogen fueling station in CA [6].

The economic analysis is based on simple levelized cost models to compare the levelized cost of electricity
(LCOE) and hydrogen (LCOH2). Reported costs result from Monte Carlo simulations and in addition,
sensitivity analyses are performed for each project. Moreover, multiple ways of claiming subsidies under
the Inflation Reduction Act (IRA) are considered for each case considered in Table 1. Finally, a doubling
of the capacity of the distributed projects to two NBs is also considered to highlight economies of scale
in the NB projects.
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Table 1 The cases considered in the economic analysis

Paradigm Method Capacity [kg/d] Transportation method
Community-  Grid + PEM 25 000 Truck delivery
scale/semi- )
centralized NB + PEM 25 000 Truck delivery
NB + SOEC 25 000 Truck delivery
On-site/ Grid + PEM 1600 None
distributed
NB + PEM 1600 None
NB + SOEC 1600 None
200
Cost of:
= 1501 No ITC
= mm Capital
£100] O&M
B Fuel
GG T e e

Community- Distributed Distributed
scale Two NBs

Figure 2 Comparison of the LCOE for electricity production with NBs to the projected 2030 wholesale electricity price in CA
(green) and retail price (grey) [7]. The light blue bar shows the LCOE in case no Investment Tax Credits (ITC) are claimed
under the Inflation Reduction Act (IRA), and the black line shows the single standard-deviation range

In both on-site and community-scale electricity production, the LCOE of the NBs far exceeds the
projected 2030 wholesale electricity price in CA, Figure 2. However, colocation of the NB with the
demand avoids most of the high transmission and distribution costs, and as a result, the LCOE of the
NBs in community-scale production is competitive compared to the average projected retail electricity
price. Yet, the same does not hold in smaller-scale distributed production due to the high levelized O&M
costs of ensuring on-site security, i.e., armed guards. As these costs are fixed to the NB site (not their
power), they have a larger influence at these smaller scales.

The site-specific security costs can be diluted by increasing the generation capacity of a NB project.
Indeed, the LCOE decreases significantly when adding a second and third NB, Figure 3. However,
increasing the number of NBs yields diminishing returns and adding a fifth or seventh NB only decreases
the LCOE by 2% or 1%, respectively. Given that NBs compete with larger-scale technologies that benefit
from economies of scale, it is unlikely that NB projects with high capacities will be economical. The mid-
range of a handful — e.g., four — of NBs thus seems optimal under the staffing assumptions of this work.
Consequently, the semi-centralized projects with their ten to one dozen NBs are likely oversized.
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Figure 3 The evolution of the LCOE and LCOH2 as a function Figure 4 The percentage decrease in the LCOE and LCOH2
of the number of installed NBs in a semi-centralized PEM upon adding a second NB as a function of the number of
model. The data labels represent the percentage decline required on-site guards

compared to the previous data point and the grey line
corresponds to the asymptote at infinite number of NBs

The extent to which the facility size influences the LCOE depends on the required number of on-site
guards (full-time employees, FTEs), Figure 4. If the regulator does not demand the presence of an on-site
security force, then there is no scaling of the LCOE with facility size — within my cost model. In this
work, it assumed that a novel security approach is used that allows for lean staffing, because the staff-
heavy traditional approach is prohibitively expensive, as detailed in Section 4.1. If a traditional approach
with many tens of FTEs must be used, the NB projects will simply not be competitive. The eventual
regulations about on-site security requirements will thus significantly affect the economics of small-
scale NB projects.

Given that the semi-centralized NB facility can supply cheaper electricity than the grid, it is no surprise
that the LCOH2 for semi-centralized production is lower than the grid benchmark, Figure 5. The LCOH2
can be lowered further by capitalizing on the high-temperature heat production of the NBs with efficient
SOEC electrolysis, resulting in an LCOH2 of 3.7 $/kg. Yet, the economics of distributed generation with
NBs look much bleaker due to the high cost of on-site security, Figure 5.

A basic optimization is performed to consider flexible operation of the hydrogen production plant - i.e.,
allowing for the sale of electricity to the grid in times of high prices. Based on my results, off-grid
operation seems more attractive for NBs, as their high marginal production cost would lead to infrequent
operation with the revenue from grid participation not able to compensate for the loss in capacity factor.
However, a more comprehensive study of potential revenue streams is needed to rule out grid
participation for NBs.

Importantly, the discussion so far only considers the production cost of hydrogen, which is only a
fraction of the total cost — much like the wholesale electricity price is only a fraction of the total rate.
Doing so ignores the distribution cost saving of on-site hydrogen production, which could prove decisive
as it did in the case of local electricity production. Quantifying the value of on-site hydrogen production
is, unfortunately, not as simple as for electricity production, as the cost of hydrogen storage, transport
and dispensing is highly context dependent, leading to strongly varying estimates in the literature.
Hence, a rudimentary hydrogen cost model was developed in this work to estimate the supply chain cost
difference between distributed and semi-centralized hydrogen production based on a partial levelized
cost of hydrogen distribution (pLCOH?2).
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Although the transport and dispensing costs themselves are very large, the cost difference between the
distributed and semi-centralized production is rather small at 1.1 $/kg because the community-scale
facility is located relatively close to demand, and many cost elements remain unchanged, e.g., station
ground work or dispensing equipment. In addition, the distributed production needs more storage onsite.
As a result, the production cost differences are most important, and semi-centralized production is
cheaper, Figure 6. When distributed production is done at a larger-scale with two NBs, the production
costs come down and there is no longer a clear winner between semi-centralized and distributed
production, Figure 7.

Figure 8 shows how the 1.1 $/kg distribution cost premium for community-scale production and the 0.9
- 2.4 $/kg pipeline transmission cost estimates of André et al. [4] can be used to compare the hydrogen
production cost of the NB projects to those of steam methane reforming plus carbon capture and on-site
solar-powered electrolysis in CA. Depending on the transmission costs, the semi-centralized NB projects
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Figure 8 A schematic comparing the LCOH2 of the community-scale (“Semi-centr. NBs”) and distributed (“On-site”) NB
projects to those of competing technologies at the different levels of the hydrogen supply chain. The reforming production
costs come from Pinsky et al. [8], the transmission costs from André et al. [4], and the production cost using solar power from
Vickers et al. [9]. All costs are inflated to 2022 USD, and the solar LCOH2 is adjusted to account for the IRA clean hydrogen
PTC

are competitive with the centralized methane reforming, and by extension, they are expected to be
competitive with most centralized production methods, as steam methane reforming is often the lowest-
cost hydrogen production method.

The NB projects are not competitive compared to the cost estimates for on-site solar production from
Vickers et al. [9]. Yet, it should be noted that the solar appears especially attractive here since it does not
include the battery or hydrogen storage needed to smoothen its intermittency, and adding the storage
costs will likely increase the LCOH2 significantly. Moreover, the LCOE of solar is low in CA compared
to less-sunny regions. Furthermore, increasing the capacity of on-site generation such that more than
two NBs are used can result in costs that are comparable to those of solar.

However, it is difficult to make blanket statements regarding competitiveness given the sensitivity of
hydrogen handling costs to the specific context — e.g., the size of the demand, location of the nearest
production facility, and the existence of nearby transport infrastructure all impact the costs significantly.
The above should thus be interpreted as: NBs can be competitive if they are used in sufficient quantity
(preferably more than two), in contexts where steady supply is needed and where transmission from the
nearest centralized plant is not cheap.

In all cases with NBs, the levelized cost of capital is high, and even more so for first-of-a-kind (FOAK)
NBs, where the economics are not attractive, Figure 9. It is thus unlikely that NBs will see their first use
in an application such as hydrogen production. The learning rates in the production of more NBs will
thus be key to reaching sufficiently low costs — capital costs in particular — to enable widespread use of
NBs. Although aggressive cost declines are needed, a recent study by Abou-Jaoude et al. [10] supports
that idea that factory production and assembly can drive down costs significantly, even in near-term NB
production scenarios. Another conclusion to be drawn from Figure 9 is that the fuel type used (UO; vs.
TRISO fuel) does not significantly change the economics - to the first order, secondary effects on, e.g.,
licensing are not considered.
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Figure 9 Comparison of the lowest LCOH2 estimates for semi-centralized production with NOAK and FOAK NBs and
different fuel types, the LCOH2 is broken up in two columns for each case to show share of the levelized cost of the
electrolyzers versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel. The grey bars
show the LCOH2 in case no subsidies are claimed under the IRA

It is important to acknowledge the crucial role of the IRA subsidies in the comparison of the LCOH2 of
different technologies. At present, there are still many grey areas in the legislation, e.g., how lifecycle
emissions will be counted and what the emissions of grid electricity are. For example, if grid electricity
emissions are counted via the average carbon intensity of the electricity producers, the PEM electrolysis
with energy from the grid is not eligible for IRA subsidies, resulting in higher costs for non-nuclear
distributed production than with energy supplied by NBs, Figure 5. However, in case lifecycle emissions
for electricity from the grid can be avoided through power-purchase agreements with renewable
generators, the IRA subsidies can be claimed and the NBs are no longer the cheapest option. In the
current default Greenhouse gases, Regulated Emissions, and Energy use in Technology (GREET) model,
nuclear energy is unfairly disadvantaged compared to renewables in terms of emissions accounting. The
eventual implementation of the IRA subsidies can thus seriously alter the bottom line of this study.

Figure 10 and Figure 11 show the distribution of cost differences between different scenarios as
determined via Monte Carlo simulations that sample shared cost items consistently. They give a better
view of the cost differences than the bar charts of Figure 9 and compare all influences side-by-side.
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In conclusion, the need for cost competitiveness with other decentralized hydrogen production
technologies is the only potentially inhibiting requirement identified for the viability of decentralized
hydrogen production using NBs. My results suggest that NB-powered electrolysis projects can be
competitive. However, this is dependent on the following factors, whose effect is also shown in Figure
12:

1. Facility size and regulation regarding on-site guards, as the diseconomies of scale in the physical
security requirements result in unattractive costs for on-site production with a single NB.
Assuming that a NB can be operated using only 10 FTEs, a handful of NBs (three to six) seems
optimal to dilute personnel costs and avoid competition with larger-scale technologies.

2. The capital cost decrease due to the economies of multiples that must lower NB capital costs
overtime.

3. Policy through clean energy subsidies, which are needed to compete with other low-carbon
technologies.

4. The efficient leveraging of NB capabilities, specifically the high-temperature heat production
and capability of standalone operation in remote off-grid and energy constrained areas.

5. The benefit of local production, which is decisive for electricity production with NBs compared
to buying electricity from the grid by allowing to avoid the high electricity tariffs. In the context
of hydrogen production, the benefit of local production is highly context dependent, but it can
be decisive in cases where steady hydrogen supply is needed and where transmissions from
centralized facilities is not cheap.



1. Introduction

The levelized cost of hydrogen transport and dispensing in 2017 was 14.4-15.6 $/kg (in 2022$) [5]. These
enormous costs limit the growth of the hydrogen economy. Herein lies an opportunity for nuclear
batteries (NBs) to provide cost savings to the hydrogen fuel cycle by collocation of the hydrogen
production with the demand clusters, thereby limiting or even negating the need for storage and
distribution.

Nuclear batteries are meant to be a class of portable microreactors with a thermal power below 30 MWth
and an electrical power below 10 MWe. A conceptualization of the Los Alamos National Lab’s (LANL)
Megapower reactor is shown in Figure 13. These compact reactors — the size of one or multiple shipping
containers — would be factory-built and brought on-site with minimal site preparation allowing for rapid
deployment (on the order of days to weeks). In addition, the reactors are being designed to operate
autonomously for several years without refueling [11].

Figure 13 Visualization of the LANL's Megapower design [12]

The purpose of this study is to evaluate the technological and economic feasibility of using nuclear
batteries for decentralized hydrogen production, both at community scale and with individual NBs -
referred to as ‘semi-centralized’ and ‘distributed’ production, respectively. First, a set of functional,
operational, and economic requirements are identified, which are discussed in Section 2. Then in Section
3, representative case studies are developed based on a review of hydrogen demand projections. An
economic model is made for each case in two parts: the production costs are discussed in Section 4 and
the hydrogen storage and transport costs are estimated in Section 5. Finally, the conclusion and future
work are given in Section 6. Results that are not shown in the main text of the report can be found in
Appendix B and Appendix C.
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2. Nuclear battery requirements

One of the objectives of this study is to develop the economic, functional, operational, and regulatory
requirements for the NBs in the context of hydrogen production. Table 2 shows these requirements
alongside a qualitative measure of their importance/applicability. The use of NBs for offshore power
generation is also included because the contrast between both adds to the discussion. A more detailed
treatment of using NBs for offshore power services is given in Ref. [2].

Of course, the (levelized) costs of services provided by the NB are crucial to the viability of a NB hydrogen
production project but less so for offshore applications, where many other cost drivers (such as lost
production) should be factored in too. Furthermore, on offshore platforms, the complete NB package
must adhere to strict weight/size limits and be able to tolerate acceleration due to wave motion. In
contrast, no such limitations or nominal acceleration are present when producing hydrogen on land.

Table 2 Qualitative assessment of the requirements for the NBs when used in hydrogen production and offshore power
generation: green indicates the requirement is highly relevant to the application, yellow indicates moderate relevance, and
orange means the requirement is either not strict or not applicable

Hydrogen Offshore

Economic targets

Levelized cost of electricity

Levelized cost of heat

Levelized cost of hydrogen

System requirements

Maximum weight, volume, area
Tolerable acceleration
Maintenance/refueling

Minimum refueling interval

Maximum duration of refueling outage

Complete loss of power allowed during
refueling?

Load characteristics
Thermal/electrical power

Target temperature for heat delivery
Load following

Minimum power slow-down rate

Maximum power ramp-up rate




2. Nuclear battery requirements

Black start capabilities

Required availability/reliability

Heat storage

Grid supporting functionalities
Characteristics of produced electricity
Transportation

Possible modes of transportation
Maximum weight, volume, acceleration
Safety and security

Passive decay heat removal

Extension of the EPZ beyond site boundary
Number of independent shutdown modes
Core damage frequency

Large early release frequency

Armed guards required

To avoid the large lost production costs on offshore platforms, the core lifetime should be at least as long
as the interval between major outages, and the replacement of the NBs should be quick enough to fit
into the predefined maintenance schedule. Hydrogen production facilities, by contrast, do not need to
sync the refueling of the NBs to an external schedule, resulting in no specifications for the core lifetime
and replacement times.

Also, unless the plant is in a remote location without access to the grid, power can be drawn from the
grid during maintenance, so all NBs are allowed to be down simultaneously. However, as also noted by
Pham et al. [13], decentralized hydrogen production is most valuable where the grid is congested. So, if
a sizeable portion of total power is needed during the outage, it might be prohibitively expensive to draw
it from the grid. In that case, some of the NBs will need to remain online, which is easily achieved by
using a staggered maintenance schedule.

The nuclear batteries must, obviously, be able to meet both applications’ electrical and thermal demands
and deliver heat at the required temperatures. In addition, the NBs must also be able to follow the process
loads on the offshore platform. Having some extent of load following is also preferred when producing
hydrogen, as it allows for greater operating flexibility. Yet, the NBs should run as much as possible at
full capacity for optimal economic performance. Thus, the ability to change the operating power is less
essential for hydrogen production than it is on offshore platforms. Note that the NBs can still be operated
flexibly under base load conditions, e.g., selling electricity to the grid when prices are high and producing
hydrogen when electricity prices are low. The ability to change the operating power alone is not
sufficient. The NBs must be able to ramp up/down at the same rates with which the process demands
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change. However, the requirement on ramping up is more relaxed when producing hydrogen, as one
could draw surge power from the grid.

Black start capabilities are not required in either case, as backup diesel generators are available on the
offshore platform and the hydrogen facility is likely connected to the grid. Still, one would prefer an easy
start-up procedure after blackouts on a platform. Luckily, NBs are easy to start up on small backup
generators because only one NB needs to be kickstarted with external power, after which this single NB
can be used to spin up the others. In addition, electricity producers with black start capabilities are
eligible for compensation from the grid operator, so it may be worthwhile to have a backup generator
available on land to allow for black starts of the facility.

For hydrogen production, reliability/availability must be high to ensure the smooth and continuous
operation of the plant. Yet, these requirements are more relaxed than on offshore platforms, where it is
essential to maintain power at all times. An energy (heat) storage system may be of help here, ensuring
power supply during short disruptions and coping process demand surges.

If the NBs of the hydrogen production facility also supply power to the grid, then some grid-supporting
functionalities will be required of them. Of course, these requirements do not apply to offshore platforms
where no grid exists. The flip side is that there are stricter margins for the voltage and frequency of the
electricity on offshore platforms to ensure the stability of the microgrid.

The transport of the NBs from the factory where they are fabricated and the central facility where they
are refueled to the hydrogen production plant will likely take place via road, rail, barge, or a combination
thereof. Similarly, the transport of the NB to the offshore platform will consist of a combination of these
transport modes to get to a harbor from where it is brought to the platform by ship. For the purpose of
this study, it can be assumed that the transport is limited to these conventional methods - e.g., no air
transport needed — and that access to proper roads and infrastructure is available - e.g., no transport to
remote communities needed. Nevertheless, the conventional modes of transport will limit the system's
weight and size and require the NB to tolerate dynamic loads resulting from transport.

Most of the safety and security considerations are applicable to both the hydrogen production and
offshore platform, but some differences exist. For example, passive decay heat removal is not strictly
required on the offshore platform, but is strongly preferred for enhanced safety, as this minimizes
required operator action in an emergency. As another example, there is no need for an Emergency
Planning Zone (EPZ) around the platform because no one lives around it. Note that these safety/security
entries are listed to give an appreciation for the safety and security concerns and how these might be
case specific, a detailed safety/security review is outside the scope of this report.
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A location and project start date must be chosen to provide a consistent set of assumptions and
projections. This study assumes the projects are located in California (CA) because some hydrogen
infrastructure has already been built there. As a result, hydrogen development projections and hydrogen
station data are readily available. The project start date is chosen to be 2030, as a trade-off between
having sufficient hydrogen demand and being able to use more near-term (and thus more accurate) cost
and hydrogen demand projections.

In the 2020 report by the CA Energy Commission on the buildout of the hydrogen economy in CA [14],
a siting study is included, which aims to find the optimal hydrogen production locations in CA
considering the local terrain, proximity to expected demand clusters, water supply, etc. Figure 14 shows
the resulting recommendations for 2030 in their low hydrogen demand scenario.
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Figure 14 Suggested locations for hydrogen production facilities of different technologies by 2030 in the low hydrogen
demand scenario of [14]. Electrolyzer wind/solar refer to (centralized) electrolysis with wind/solar energy, thermochemical
refers to facilities producing hydrogen from biomass from forests and agricultural residue, dairy facilities make hydrogen
from anaerobic dairy digesters, food refers to hydrogen production from the residential waste stream, and SMR refers to
steam methane reforming

Two project sites are chosen (indicated by red circles on the figure), the first near Sacramento and the
second on the 15 near Bakersfield, because these are hotspots in the projected hydrogen demand (Figure
15) [6], [15]. The facility near Sacramento produces at a community scale and supplies several customers.
On the other hand, the project in Bakersfield produces hydrogen for a single fueling station with a single
NB, thereby negating the need for hydrogen distribution.
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Figure 15 The predicted hydrogen demand gap in CA in 2027 [6]

The demand in Sacramento is assumed to be entirely due to light-duty vehicles (LDV) and heavy-duty
vehicles (HDV), consistent with the low renewable hydrogen demand scenario of the CA Energy
Commission report [14]. This scenario assumes a fleet of 250 000 fuel cell electric vehicles in CA by 2030,
2.72% of which (6800 vehicles) are assumed to be in Sacramento based on the projections of the CA Air
Resource Board [14]. Further, assuming a fuel economy of 83.75 mpge for hydrogen fuel cell vehicles [14]
and an average of 12 000 mi/y per vehicle [16], this results in an LDV demand of 993 ton H2/y. To simplify
calculations, the HDV demand is assumed to equal the LDV demand, resulting in a total demand of 1987
ton H2/y or 5440 kg H2/d. An electrical input of roughly 12 MW is needed to meet such a hydrogen
demand at constant operation using a Polymer Electrolyte Membrane (PEM) electrolyzer that requires
52 kWh/kg H2, which is feasible using multiple nuclear batteries.

The hydrogen demand estimation here aims not to provide accurate demand projections but to check
whether the power demands are reasonable for nuclear batteries. In addition, the above demand
estimates are conservative. So, to minimize the diseconomies of scale, a higher demand of 25 000 kg/d is
assumed for the community-scale facility, which could represent, e.g., a facility located between San
Francisco and Sacramento.

Furthermore, the demand of the standalone hydrogen fueling station in the distributed hydrogen
production model is assumed to be 1600 kg/d — the capacity of the largest hydrogen fueling station
currently operating in CA [6]. The electrical demand the electrolyzers corresponds to about 4 MWe,
which can be delivered by a single Westinghouse eVinci NB.
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Table 3 The cases considered in the economic analysis

Paradigm Method Capacity  Transportation method
Community-  Grid + PEM 25 000 Truck delivery
scale/semi- )
centralized NB + PEM 25 000 Truck delivery

NB + SOEC 25 000 Truck delivery
On-site/ Grid + PEM 1600 None
distributed

NB + PEM 1600 None

NB + SOEC 1600 None

At this stage, three hydrogen production technologies are considered in this study: PEM electrolysis, and
electrolysis in Solid Oxide Electrolyzer Cells (SOEC), where the energy for electrolysis is either supplied
by the grid or NBs. Although they are not the direct subject of this study, solar-powered PEM electrolysis
and steam methane reforming (SMR) cost estimates can be added later to evaluate competing
technologies on an apples-to-apples basis. The different cases are summarized in Table 3.

As mentioned before, there is no need for hydrogen transport and distribution in the distributed
production paradigm, while hydrogen distribution will be needed under community-scale production —
but not hydrogen transmission through pipelines. Only truck transport will be considered, as it is the
most economical mode of distribution for such small capacities and distances [17]. The hydrogen supply
chain will be discussed in greater detail in Section 5.1
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Tang et al. [18] conducted a review of hydrogen cost studies and conclude that the levelized cost of
hydrogen depends strongly on the setting of production (centralized vs. distributed), grid integration,
government subsidies, and the inclusion of distribution cost. Thus, in this section on the cost of hydrogen
production with NBs, all but the latter will be examined, with the distribution costs being treated in
Section 5.

Section 4.1 will first discuss some generalities of NB economics and details the NB cost assumptions
used in this study. Then, the cost model and simulation setup are discussed in Section 4.2, followed by a
discussion of the Inflation Reduction Act (IRA) subsidies in Section 4.3. Section 4.4 details the cost of
producing hydrogen using grid electricity in CA and serves as a reference for the costs discussed in
further Sections 4.5 and 4.6, which assume hydrogen production using NBs. The NB models are further
investigated in Sections 4.7, 4.8, and 4.9 which look at the use of TRISO fuels, the effect of increasing
facility capacity and participating in the electricity market, respectively. Finally, Section 4.10 compares
the results of Sections 4.4 through 4.9 and provides further discussion.

4.1. Nuclear battery cost

In their 2020 study, Froese et al. [19] developed a top-down cost estimate for nuclear microreactors based
on the familiar capacity-scaling formula given in Equation (1), where they scaled the capital cost of a 1
GWe plant to find a 110 000 $/kWe cost estimate for their generic 3 MWe microreactor. Obviously,
microreactors would not be a topic of discussion four years later if these cost estimates were accurate.
As Abou-Jaoude et al. [20] point out, the flaw in the reasoning of Froese et al. is that their top-down
estimate treats a microreactor as a scaled-down version of traditional nuclear power plant, which
neglects many of the fundamental design differences as well as the difference in plant production, i.e.,
construction of large-scale plants vs. manufacturing of microreactors. Clearly, top-down cost estimates
based on the costs of existing nuclear plants are unsuitable for estimating the cost of NBs, and bottom-
up estimates must be used instead.

c n
Cost = Costyf — (1)
ref

Bottom-up cost models can vary greatly in granularity, as they can have a handful of cost elements or,
in extremis, the cost of each component or operation accounted for separately under different Codes of
Account (COA). The granularity of the cost model is chosen as a tradeoff between complexity and
accuracy, where the availability of cost data and the model’s intended use should also be considered. For
example, detailed component-wise cost accounting is needed in studies where designs are optimized for
economic performance — so-called economics-by-design. Two studies that fall under this category are
the work of Abou-Jaoude et al. [20] and the work of Shirvan et al. [21]. By contrast, for market analysis
studies, costs are typically bundled in broad categories with similar economic impacts, e.g., up-front
capital vs. yearly O&M costs vs. output-dependent fuel costs. In these cases, there is no benefit to
subdividing, e.g., the capital cost between the cost of the major equipment and the cost of the coolant,
as Shirvan et al. did [21]. Examples of microreactor-focused studies that use this approach are the work
of Buongiorno et al. [11] and the 2019 Nuclear Energy Institute (NEI) report [22].
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For this study, the latter approach is best suited, as the intent is to screen a wide variety of NB-powered
hydrogen production projects for which a detailed cost breakdown does not bring much added value.
Table 4 gives an overview of the cost elements and their associated distributions. Note that when only
the mode is given, the parameter is fixed; when the minimum and maximum are given, these correspond
to the range of a uniform distribution; and when the minimum, maximum, and mode are given, these
describe a triangular distribution.

Our model aggregates these cost elements into three categories: (1) capital cost, which includes all costs
related to the installation of the NB as well as the decommissioning cost, (2) O&M cost, which includes
staffing and fixed O&M costs such as insurance premiums, NRC operating fees, etc., (3) fuel cost, which
includes the cost of the actual fuel, the cost of servicing and inspection of the at the centralized facility,
and the cost of waste disposal. More information on levelized cost models will be given in Section 4.2.
The remainder of this section will discuss some of the non-trivial cost elements of the model as well as
some generalities regarding NB costs.

Table 4 Cost assumptions for the NBs; FOAK capital costs are shown in red

Parameter Unit Min Mode Max Source

Thermal power MW/unit 15

Capacity factor % 80 90 95

Thermal efficiency % 25 35

Discharge burnup Mwd/kg HM 5 15 15

Yellow cake cost $/kg HM 111 [11]

Cost of conversion $/kg HM 6 [11]

Cost of enrichment $/SWU 171 [11]

Cost of U0, $/kg HM 250 500

fabrication

Refueling cost M$/NB 0.84 1.09 1.45

Waste disposal cost k$/NB 50 400

NB capital cost $/kWe 3000 6000 10 000 [11]
10 000 15000 20 000

Decommissioning $/MWhe 10 50

cost

Fixed NB O&M cost M$/y/unit 0.45 0.5 0.55

FTE compensation k$/y 160 300

FTEs needed FTEs/site 2 10 15
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Although the diseconomies of scale are not as drastic as a blind top-down estimate leads one to believe,
economics remains a big challenge for NBs. For example, for their economically unoptimized
microreactor design, Abou-Jaoude et al. found an LCOE of 2174 $/MWh [20]. Consequently, Forsberg et
al. [23] propose an “economics-by-design” approach where NBs are designed to target multiple markets
with an optimized base design that can be mass-produced, with only minor design modifications needed
for niche markets. The underlying idea is that the learning rates in the economies of multiples resulting
from repeated manufacturing can overcome the diseconomies of scale to provide acceptable costs, where
given a percentual learning rate r and a cost C; of the first unit, the cost of the Nth unit Cy is given by:

tog(*105")

Cy=C,-N log(®@) @)

Note that the exponent will be negative for positive values of r showing that costs decrease with
increasing N.

As the costs decrease over time, first-of-a-kind (FOAK) cost differences are also reduced. This is shown
in Figure 16 for FOAK costs of 10 000 $/kWe, 15 000 $/kWe, and 20 000 $/kWe, which represent the
minimum, mode, and maximum of the triangular FOAK capital cost distribution in the NB cost model,
see Table 4. Conversely, differences in the learning rate result in growing cost differences as more units
are produced, as shown in Figure 17, for learning rates of 11.5 %, 15 %, and 19 %. To capture the full range
of possibilities, differences in both FOAK cost and learning rates must be chosen to be mutually
reinforcing, i.e., the lowest learning rate for the highest FOAK cost and vice versa. This is done in Figure
18 with the FOAK and learning rate spreads of Figure 16 and Figure 17. The minimum, mode, and
maximum of the Nth-of-a-kind (NOAK) cost distribution were chosen this way — where N is chosen as
the 50t unit. Finally note that differences in the FOAK cost and learning rate can also (partially) cancel
each other, as shown in Figure 19.

A recent study by Abou-Jaoude et al. [10] looks at the mass manufacturing of INL’s MARVEL reactor.
They identify a near-term NB production scenario with minimal regulatory risk, where the NBs are
produced in a non-nuclear factory with fuel placement, testing, refueling, maintenance, and spent fuel
storage happening on site — much like the case for traditional reactors. Even in this suboptimal NB
production paradigm for a reactor that is not designed for commercial use, they estimate learning rates
of 15% to be feasible. Consequently, a 15 % learning rate is used for the mode of the NOAK cost
distribution. In addition, the more optimistic 19 % learning rate is based on the learning rates of the
aerospace, automotive, and shipbuilding industries, whose learning rates can reach up to 20% [10], [22].
Finally, the conservative learning rate of 11.5 % is inspired by the 10 % medium-case learning rate of the
Nuclear Energy Institute [22], as | believe their worst-case 5 % learning rate to be overly conservative in
the context of standardized, factory-built NBs. Note that | deviated from the round 10 % and 20 %
learning rates in favor of round, easier-to-communicate NOAK costs.
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Figure 16 The evolution of NB costs as a function of the
number of NBs deployed with differing FOAK costs: 10 000
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Figure 17 The evolution of NB costs as a function of the
number of NBs deployed with differing learning rates: 11.5
% (low), 15 % (medium), and 19 % (high)
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Figure 18 The evolution of NB costs as a function of the
number of NBs deployed with mutually reinforcing
differences in FOAK costs and learning rates: 10 000 $/kWe
and 19 % (low), 15 000 $/kWe and 15 % (medium), and 20
000 $/kWe 11.5 % (high)

Figure 19 The evolution of NB costs as a function of the
number of NBs deployed with opposing differences in
FOAK costs and learning rates: 10 000 $/kWe and 11.5 %
(low), 15 000 $/kWe and 15 % (medium), and 20 000 $/kWe
and 19 % (high)

It should be noted that the extreme cases here are the minimum and maximum of a (fairly broad)
triangular distribution; these not separate scenarios are treated equally to the center case. For example,
in the NOAK cost distribution, only about 5 % of all cases have a capital cost below 4000 $/kWe and
another 5 % have costs above 9000 $/kWe.

Due to their smaller power output of NBs, their levelized costs are far more sensitive to fixed costs than
traditional nuclear power plants — personnel costs in particular. This effect will be treated in more detail
in the results of Sections 4.5.2, 4.6.2, and 4.8. However, this also means that the personnel assumptions
substantially impact the results.

It is expected that the regulator will require armed guards on-site at least initially, even though the NB
will be monitored remotely and will operate autonomously, hence the needed full-time employees (FTEs).
These guards will be on-site regardless of the operating state of the reactor and are thus modeled as
fixed O&M costs. The levelized costs of NBs are far more sensitive to these fixed costs than those of
traditional reactors due to the smaller reactor power output — as will be further discussed in the result
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Sections 4.5 and 4.6. As a result, the number of on-site personnel must be minimized, and the
assumptions regarding staffing considerably impact the model results.

However, the security approach of NBs is an evolving topic in the literature with strongly differing
estimates on full-time employee (FTE) needs. A recent Sandia study concludes that 56 FTEs are needed
to provide security for a NB facility under the traditional approach where armed guards aim to stop
intruders from gaining access to the reactor [24]. Conversely, the consequence-based analysis of Mangin
and Le Person et al. [25] assumes that no armed guards are on-site and intruders gain control over the
facility — after some delay due to security features in the plant design. They show that security against
design-basis threats is likely achievable under this paradigm. Although they mention the conclusion is
design-specific, it should be noted that their sodium-cooled graphite-moderated microreactor design
uses UO; fuel. Designs using TRISO fuel are thus expected to perform even better, given its excellent
retention properties.

As will be shown in Section 4.5, with the ten FTEs on average, the personnel cost already has a
considerable impact on the LCOE - especially of low-power facilities. A security plan with several dozens
of FTEs as suggested by the Sandia study [24] will thus be prohibitively expensive for all but a few very
niche contexts. For the purpose of this studys, it is thus assumed that a novel security approach — like the
consequence-based approach mentioned above - is developed and that the plant can be operated with
less than 15 FTEs. If such novel security approaches are not available and traditional staff-heavy solutions
like the Sandia approach must be used, then the study's outcome is simply that the NB-powered
hydrogen production facilities are not competitive.

Most NB designs use TRISO fuels. Yet, designs with 5 wt% enriched uranium oxide (UOy) fuel are
considered the most promising [21] and are thus treated as the base case for further analysis. TRISO
fuels will be covered in Section 4.7. While UO; is the traditional fuel type, the fuel assemblies will be non-
traditional. Yet, fuel production costs are taken in the same range as regular nuclear reactor fuel, which
is an optimistic assumption.

After all fuel is used, the NBs will be transported to a central facility to be refueled and serviced. So,
unlike traditional reactors (in the US), the spent fuel is not stored on-site but at the central facility. The
cost of the refueling and waste storage are estimated in Appendix A. In addition, a higher-than-usual
decommissioning cost is assumed to account for the additional activation of the reactor materials due
to the increased neutron leakage from the small core.
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4.2. Cost modeling methodology

In this section, simple levelized cost models for each of the production methods of Table 3 are developed.
The levelized cost of hydrogen (LCOH?2) is split into the levelized electrolyzer cost and the levelized
energy cost, with the former being subdivided into a capital cost and operations and maintenance (O&M)
cost:

LCOH2 = LCOHZElectr. cap + LCOHZEleCtr. 0&M + LCOHZEnergy (3)

To calculate the levelized electrolyzer capital cost, the initial capital cost (ICC) is annualized using a
capital cost recovery factor (CRF):

7+ (14 7)tec

CRF =—————
(1+ r)fec — 1

(4)

Where r is the real discount rate and t,. is the economic lifetime of the project. For a plant of annual

capacity ¢ and operating cycles of length t,,,, with subsequent outages of length t,,,;, the levelized capital

cost is found as:

ICC - CRF top + tout
c top

LCOHZgectr. cap = ()

In calculating the levelized cost of O&M, the fixed O&M and variable O&M components are treated

separately, because the fixed O&M costs are paid regardless of the operating time and must thus be

corrected by the capacity factor — similar to the capital costs.

O&MFixed . top + tout + O&MVariable
c top c

LCOHZgiectr. 0&m = (6)

The levelized cost of energy is calculated from the levelized costs of electricity (LCOE) and heat (LCOH)
together with the electrical intensity (Egiec in kWh/kg H2) and thermal intensity (Eth in kWh/kg H2) of
the process:

LCOH2gnergy = LCOE - Egjoe + LCOH - Exy, )

For PEM electrolysis, the thermal energy intensity is assumed to be zero so LCOH2 ¢nergy only follows
from the LCOE. The LCOE is simply the retail price of electricity bought from the grid when using grid
electricity. When using NBs, the LCOE is the cost of the NBs normalized over the total yearly electricity
production (P) and is further subdivided into a levelized capital cost, O&M cost, and fuel cost:

LCOE = LCOEcapitar + LCOEpgy + LCOEpy,, (8)

Where the LCOE pg is calculated similarly to Equation (6). The levelized capital cost now also contains
the cost of decommissioning (COD), which is annualized using a sinking fund factor (SFF):

r
FF= —
SFE= A5t —1 ©)
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ICC - CRF + COD - SFF to, + toy
P top

LCOEcapitar = (10)

Finally, there is the calculation of the levelized cost of fuel, which is more subtle because the nuclear fuel
cost (Fyycr) is paid in whole at the start of a multiyear cycle. The nuclear fuel cost is annualized using
the fuel capital recovery factor (FCRF):

7 (1471)kor

= 11
FCRF RS (11)

The cost of refueling (Fgp) is only incurred at the end of the fuel cycle, and the cost of waste disposal
(Fw) is incurred even later, because the spent fuel spends a certain time (tsrp) in the spent fuel pool.
Both costs are thus annualized with respective sinking fund factors RFSFF and WSFFgiven by:

T
RFSFF = ——
(1+7r)tor —1 (12)
WSFF = 1 (13)
(A4t —1 (1 471)isrr
The levelized cost of fuel is then:
F - FCRF + Fgpp - RFSFF + F,, - WSFF
LCOEFuel — Nucl RF w (14)

P

In SOEC electrolysis, the heat produced by the NBs is used both for electricity production and in the
electrolysis process itself. In that case, an LCOH is calculated in the same way as the LCOE is calculated
form Equations (6), (8), (10), and (14). Using the thermal efficiency of the NBs () the LCOE is then
obtained from the LCOH as LCOE = LCOH /.

The plant design capacity will be varied in the models. So, no fixed capital and O&M cost estimates can
be used. Hence, normalized costs are used and the economy of scale is accounted for using scaling
exponents:

c n
Cost = Costyef . (15)
ref

Where c is the capacity and n is a scaling exponent smaller than unity. However, as electrolyzer costs
are typically reported in a normalized way ($/kW), Equation (15) is adapted as follows:

[Costref< c >n_1]
Cost=c|————— (16)

Cre f Cre f

To account for the uncertainty in the model parameters, Monte Carlo (MC) simulations and sensitivity
analyses are carried out for each model. In a Monte Carlo simulation, a probability distribution is
assigned to each parameter, rather than assigning a fixed value. Here, only triangular and uniform
distributions are used. The code then runs many (50 000) versions of the economic model, each time
randomly picking parameter values according to their distributions. The result is a distribution of
levelized costs, which represents the uncertainty of the model and the average of which represents the
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expected levelized cost. /n this report, the average (1), standard deviation (o), minimum (m) and
maximum cost (M) are reported as . + o [m, M].

In a sensitivity analysis, on the other hand, all parameters are fixed (to the expected value of the MC
distributions), while one parameter is varied between specified ranges. In this study, the parameters will
be changed by + 30% of their original value with the exception of the capacity factor because of the 100%
upper limit.

A sensitivity analysis thus shows the impact of a single parameter on the outcome of the model, while a
MC simulation takes into account the uncertainty of all parameters simultaneously. Importantly, when
comparing the cost difference between two scenarios with shared cost parameters, the Monte Carlo
simulations must be performed such that the shared parameters are sampled consistently between both
models. The cost differences can thus not simply be determined based on the outcome of separate
simulations, as this would grossly overestimate the uncertainty on the estimate.

Again, note that no hydrogen storage or transport costs are included in this section. These are treated in
Section 5.

Finally, the cost estimates from external sources are adjusted for inflation using the US Bureau of
Economic Analysis implicit price deflators for gross domestic product [26]. Thus, all costs reported here
are given in Q2 2022 USD.
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4.3. The Inflation Reduction Act subsidies

The Inflation Reduction Act (IRA) of 2022 allows low-carbon power sources, such as nuclear energy, to
claim tax credits in order to boost their development and reach the climate goals. The credits phase out
in 2032 (or when the US emissions are less than 25% of the 2022 levels, whichever is earlier) [27], and are
thus not relevant to Nth-of-a-kind (NOAK) NBs. However, it is not unlikely that there will be future bills
to stimulate low-carbon technologies and/or that the IRA is extended. Thus, the IRA is used as
benchmark/proxy for future stimulus to low-carbon technologies and treated as if it does not phase out.

Under the IRA amendment to Section 45Y of the Internal Revenue Code (IRC), the NBs would be eligible
to claim a clean electricity PTC of 3 $/MWh, which can be quintupled to 15 $/MWh if wage and
apprenticeship requirements are met [27], [28], [29], [30]. Given the high wages and the extensive
training programs for employees in the nuclear industry, it is assumed that the wage and apprenticeship
standards are met. The PTC can be increased by a further 10% if domestic content standards are met
regarding the iron, steel and manufactured products used in the facility [28], [29]. Once again, in the
context of NBs, it seems likely that these standards will be met, so a PTC of 16.5 $/MWh will be used in
this report. Note that the PTC can be increased by yet another 10% is the power source is located in an
‘energy community’. However, this bonus is case-specific and will hence not be considered.

Similar to the clean electricity PTC of Section 45Y, a clean hydrogen PTC is available in the new IRC
Section 45V, which can be claimed alongside the clean electricity PTC granted that the hydrogen is
produced in the U.S. (but the hydrogen may be transported to other countries) [28], [29]. The base credit
is 0.60 $/kg and is multiplied by a percentage between 20% and 100% based on the emissions associated
with the hydrogen production, Table 5 [28], [31].

For the purpose of the IRA, life-cycle greenhouse gas (GHG) emissions are the same as in the section of
the Clean Air Act that deals with renewable fuel standards and only emissions up to the point of
hydrogen production (well-to-gate) are considered [32]. The Greenhouse gases, Regulated Emissions,
and Energy use in Technology (GREET) model will be used for emissions accounting, but at the time of
writing, there is still a lot of uncertainty as to which emissions the regulator will account for and how.

Only upstream emissions associated with fuel production are accounted for in the GREET model,
emissions related to e.g., construction of an installation are not. As a result, the scope 3 GHG emissions
associated with solar and wind energy are identically zero in the GREET model. Nuclear is clearly
disadvantaged compared to other low-carbon technologies under this accounting method, as most of its
lifecycle emissions occur in the front-end fuel production, whereas most of the emission of, e.g., solar are
associated with construction [33]. Still, neglecting construction emissions results in lower default GREET
emissions for hydrogen produced with nuclear (0.2 - 0.4 kg CO2e/kg H2) than values found in the
literature — e.g., 0.47 - 2.13 kg CO2e/kg H2 [34]. For the purpose of this study, it is assumed that the
regulator will account emissions in the same way as the GREET model.

Using the assumptions of the GREET model for the front-end carbon intensity of the nuclear fuel cycle,
the GHG emissions per kilogram of hydrogen are estimated for both PEM and SOEC electrolysis. The
GHG footprint of the hydrogen is most sensitive to the discharge burnup of the fuel - i.e., the amount
of energy extracted per initial kilogram of uranium in the fuel. In further Monte Carlo calculations, the
fuel burnup will be picked randomly from its distribution. So, instead of finding the GHG emissions for
each randomly-
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Table 5 The base clean hydrogen credit under the IRA as a function of the hydrogen production emissions

Emissions Base credit
[kg CO2e/kg H2] [$/kg]
<0.45 0.60
0.45 - 1.50 0.20
1.50 - 2.50 0.15
2.50 - 4.00 0.12

picked burnup value, a threshold value is determined below which the GHG emissions are too high to
claim the highest level of clean hydrogen PTCs. The threshold value of 0.45 kg CO2e/kg H2 or higher is
reached for burnups below 9.7 MWd/kg HM and 7.2 MWd/kg HM for PEM and SOEC, respectively. For
a fuel burnup below this value, the base credit is thus 0.2 $/kg. Note that the threshold value for the
burnup is lower for SOEC because of the higher overall energy efficiency of SOEC compared to PEM,
which results in less fuel need. Once again, it is assumed that the apprenticeship and wage standards
are met, so the hydrogen PTC is increased fivefold to 3.0 $/kg or 1.0 $/kg depending on the fuel burnup.
Note that there is no domestic content bonus for clean hydrogen PTCs [28], [29], [31].

Finally, there is also the possibility for claiming ITCs under Section 48E, instead of PTCs under Section
45. The base credit is 6% of the investment for a qualified hydrogen production and/or storage facility
[28], [29], [31]. Once more, this credit can be quintupled to 30% if wage and apprenticeship standards
are met and if domestic content standards are met, the credit is further increased by 10% (i.e., multiplying
by 1.1 to give 33%, not adding 10% to give 40%) [28], [29], [30]. The ITC assumed in this work is thus 33%.

Although a single tax payer cannot claim both a PTC and ITC, different tax payers can. A project in
which the NBs are and electrolyzers are owned by different tax payers could thus claim an ITC on the
NBs and still claim a clean hydrogen PTC. Later in the report, this is referred to as ‘mixed’ subsidies.

When claiming an ITC, the initial capital cost of the NBs and electrolyzers is lowered by 33%, but other
than that, all equations discussed in Section 4.2 still apply. The effect of the ITC on the amortization is
thus neglected. When claiming both the hydrogen PTC (PTCy,) and the clean electricity PTC (PTC,-),
the LCOH2 becomes:

LCOH2 = LCOH2gioctrotyzers + (LCOE — PTCo-) - Egjoe + LCOH - Egy — PTCy, (17)

In calculations with mixed subsidies, only the capital cost of the NBs is lowered by 33% and the clean
hydrogen PTC is applied.
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4.4. PEM electrolysis with grid electricity

4.4.1. Community-scale production

This case considers community-scale hydrogen production using PEM electrolysis at a community scale
(25 000 kg/d) with electricity bought from the grid. The assumptions used in the cost model are listed in
Table 6. Note that when only a mode (i.e., the 50t percentile) is given, the parameter is fixed, when the
minimum and maximum are given, these correspond to the range of a uniform distribution, and when
the minimum, maximum, and mode are given, these describe a triangular distribution.

The current lifetime of PEM electrolyzers (20y [35]) is chosen as a minimum for the future project.
Similarly, the capacity factor of the NREL’s H2A model for current PEM electrolysis is taken as the lower
limit for the 2030 electrolyzers [36]. The mode of the capacity factor distribution is taken from the
capacity factor used in the H2A model for future electrolysis [37].

Furthermore, the modes of the capital and the O&M costs are taken at a reference capacity of 25 773
kg/d, corresponding to an average annual production of 25 000 kg/d at a capacity factor of 97%. The
capital cost scaling exponent is adopted from the H2A models directly, whereas the scaling exponent for
the O&M costs follows from a logarithmic interpolation between the O&M costs calculated in the H2A
model at 25 773 kg/d and 50 000 kg/d.

Table 6 Model assumptions for a community-scale PEM facility with electricity bought from the grid

Parameter Unit Min Mode Max Source
Real discount rate % 2 6 12

Economic lifetime y 20 25 [35]
Capacity factor % 86 97 98 [36], [37]
Electrolyzer capital cost $/kWe 454 567 998 [37]
Reference capacity kg/d 25773

Scaling exponent - 0.6 [37]
Electrolyzer fixed O&M  ($/y)/kWe 27 41 91 [37]
cost

Reference capacity kg/d 25773

Scaling exponent - 0.56 [37]
Industrial retail $/MWh 162 184 200 (7]
electricity price in CA

Electrical energy kWh/kg 51.3 [37]
intensity
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Figure 20 LCOH2 for community-scale PEM electrolysis with Figure 21 Tornado chart for the LCOH2 (in $/kg) in a community-
grid electricity scale PEM facility running on grid electricity

Finally, the retail electricity price is taken from 2030 price projections by the CA Energy Commission,
and the energy intensity of the electrolysis is taken to be the default value used in the H2A model for
future PEM electrolysis.

The expected LCOH2 resulting from the MC simulations is 10.03 + 0.42 [8.80, 11.41] $/kg, with the cost
breakdown shown in Figure 20. The total cost is dominated by the cost of electricity, which results in a
cost of 9.34 $/kg, whereas the electrolyzer capital and O&M cost only making up 0.36 $/kg and 0.33 $/kg,
respectively. A similar distribution of the electricity, capital, and O&M costs is seen in the results of Lee
et al. and Peterson et al. [38], [39] Unsurprisingly, the levelized cost is by far the most sensitive to the
retail electricity price, Figure 21.

At first glance, an LCOH2 of 10.03 $/kg might seem unreasonable, but it is a direct result of the high
retail electricity prices in CA. Indeed, in 2021, the average industrial retail prices in CA were 148 $/ MWh,
twice the US average of 73 $/MWh [40]. At electricity prices similar to the national average (73 - 79
$/MWh), Peterson et al. report a far lower LCOH2 of 4.5 - 5 $/kg [39]. By contrast, in the OECD report
on the role of nuclear power in the hydrogen economy [41], an LCOH2 of 7.5 $/kg is reported at 150
$/MWh and for similar assumptions regarding the electrolyzer efficiency, which aligns with the LCOH2
reported here after accounting for the difference in retail electricity prices and the electrolyzer costs -
which were neglected in the OECD report. Finally, it should be noted that while the retail electricity
prices in CA are high, CA is not an outlier, as there are states with higher rates still, e.g., Hawaii.

As discussed in Section 4.3, production tax credits (PTCs) or investment tax credits (ITCs) are available
under the IRA for clean hydrogen production, granted that the emissions associated with its production
are below 4 kg CO2e/kg H2 [28], [29]. The 2022 greenhouse gas emissions report of the CA Air Resource
Board reports an average emission of 0.21 kg CO2e/kWh for electricity production in CA [42], which,
combined with the assumed PEM energy intensity of 51.3 kWh/kg H2, leads to 10.8 kg CO2e/kg H2.
Therefore, this rough estimate shows that the hydrogen produced in this facility will not be eligible for
the clean hydrogen PTCs if lifecycle emissions of grid electricity are based on the average carbon
intensity of the generators.
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Figure 22 Comparison of the LCOH2 for PEM electrolysis using grid electricity when claiming different types of IRA subsidies,
the LCOH2 is broken up in two columns for each case to show share of the levelized cost of the electrolyzers versus energy
and to show the distribution between the levelized costs of capital, O&M, and fuel

However, it is not yet certain how the regulator will allocate the emissions associated with grid electricity
[32]. For example, a hydrogen producer taking electricity from the grid might be able to enter in a power
purchase agreement with a renewable producer to lower the GHG emissions associated with its
hydrogen, thereby making it eligible for the clean hydrogen PTCs. In that case, the LCOH2 is lowered
significantly to 6.18 + 0.42 [4.96, 7.40] $/kg under the assumption that the highest PTC of 3.0 $/kg can be
claimed. One could instead opt to claim an ITC, but given the low capital cost of the electrolyzers, the
LCOH2 is only decreased to 9.90 + 0.41 [8.73, 11.08] $/kg, see Figure 22.

4.4.2. Distributed production

This section discusses distributed production using PEM electrolysis with electricity from the grid
supplying a single hydrogen station at 1600 kg/d (for CF = 1). The assumptions used in the cost model
are listed in Table 7. Note that when only the mode is given, the parameter is fixed, when the minimum
and maximum are given, these correspond to the range of a uniform distribution, and when the
minimum, maximum, and mode are given, these describe a triangular distribution.

The electrolyzer capital and O&M costs are calculated using the H2A model for distributed PEM
electrolysis [43] at a reference capacity of 1650 kg/d, corresponding to an average annual production of
1600 kg/d at a capacity factor of 97%. Once again, the capital cost scaling exponent is adopted from the
H2A models directly. In contrast, the scaling exponent for the O&M costs follows from a logarithmic
interpolation between the O&M costs calculated in the H2A model at 1300 kg/d and 2000 kg/d. All other
parameters are equal to those used in the model of the community-scale facility in Section 4.4.1.

Now, the LCOH2 is 10.11 + 0.42 [8.83, 11.51] $/kg, which is only 0.10 $/kg higher than in the community-
scale case. The small difference between the two cases is a result of the LCOH2 being dominated by the
electricity cost, rather than the electrolyzer cost, Figure 23.

Again, the LCOH2 is lowered significantly to 6.27 + 0.42 [4.98, 7.66] $/kg, if the project can claim clean
hydrogen and electricity PTCs. As can be seen on Figure 24, the main contributor here is the clean
hydrogen PTC of 3.0 $/kg, with the clean electricity PTC only contributing 0.85 $/kg.
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Table 7 Model assumptions for distributed PEM electrolysis with electricity bought from the grid

Parameter Unit Min Mode Max Source
Real discount rate % 2 6 12
Economic lifetime y 20 25 [35]
Capacity factor % 86 97 98 [36], [37]
Electrolyzer capital cost $/kWe 553 691 1216 [43]
Reference capacity kg/d 1650
Scaling exponent - 0.6 [43]
Electrolyzer fixed O&M  ($/y)/kWe 28 42 93 [43]
cost
Reference capacity kg/d 1650
Scaling exponent - 0.955 [43]
Industrial retail $/MWh 162 184 200 7]
electricity price in CA
Electrical energy kWh/kg 51.3 [37]
intensity
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Figure 23 LCOH2 for distributed PEM electrolysis with grid

electricity

Figure 24 LCOH2 for distributed PEM electrolysis with grid
electricity when claiming PTCs under the IRA



4. Hydrogen production cost analysis

4.5. PEM electrolysis with nuclear batteries

4.5.1. Community-scale production

Here, hydrogen is produced at a community scale using PEM electrolysis with electricity provided by
NBs. The plant is sized to have an average daily output of 25 000 kg/d and the NBs only supply energy
to the electrolyzers, no excess heat or electricity is produced/sold. The assumptions used in the cost
model are listed in Table 8. Note that when only the mode is given, the parameter is fixed, when the
minimum and maximum are given, these correspond to the range of a uniform distribution, and when
the minimum, maximum, and mode are given, these describe a triangular distribution.

The thermal power of 15 MWth results in an electrical power of about 4 to 5 MWe, which is average for
NBs and comparable to Westinghouse’s eVinci design or BWXT’s Pele design. Most commercial NB
designs are high-temperature helium-cooled reactors, for which a burnup of 15 MWd/kg HM is a
reasonable upper limit. Some designs use heat pipes to cool the core, in which case the expected burnup
is lowered to about 5 MWd/kg HM. Note that these burnup values are far lower than what is expected
for traditional large-scale light-water reactors, where the burnup is over 50 MWd/kg HM.

Table 8 NOAK model assumptions for a community-scale PEM facility with electricity produced by NBs, FOAK NB capital
costs are shown in red

Parameter Unit Min Mode Max Source

Real discount rate % 2 6 12

Economic lifetime y 20 25

Thermal power MW/unit 15

Capacity factor % 80 90 95

Thermal efficiency % 25 35

Discharge burnup MWwd/kg HM 5 15 15

Yellow cake cost $/kg HM 111 [11]

Cost of conversion $/kg HM 6 [11]

Cost of enrichment $/SWU 171 [11]

Cost of UO- $/kg HM 250 500

fabrication

Refueling cost M$/NB 0.84 1.09 1.45

Waste disposal cost k$/NB 50 400

NB capital cost $/kWe 3000 6000 10 000 [11]
10 000 15 000 20 000
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Decommissioning $/MWhe 10 50

cost

Fixed NB O&M cost M$/y/unit 0.45 0.5 0.55

FTE compensation k$/y 160 300

FTEs needed FTEs/site 2 10 15
Electrolyzer capital $/kWe 454 567 998 [37]
cost

Reference capacity kg/d 25773

Scaling exponent - 0.6 [37]
Electrolyzer  fixed ($/y)/kWe 27 41 91 [37]
O&M cost

Reference capacity kg/d 25773

Scaling exponent - 0.56 [37]
Electrical energy kWh/kg 51.3 [37]
intensity

The assumptions regarding the NB cost have been discussed in detail in Section 4.1 and are not repeated
here.

Changes in the capacity factor change the required power and electrolyzer design capacity because the
annual hydrogen production in this model is fixed. To accommodate the change in power demand, the
number of NBs is varied, while their power output remains fixed at 15 MWth. A fractional number of
units is used to match the installed capacity exactly to the electrolysis power demand to avoid
cogeneration of electricity and hydrogen at this stage. Obviously, fractional units do not exist in reality,
but this can be thought of as an approximate cost allocation.

Again, the economic lifetime of the project is capped at 25 years, which is conservative for nuclear power
generation and the lifetime of NB will likely far exceed this. For example, the Nuclear Energy Institute
assumes a lifetime of 40 years in their economic assessment of NBs [22].

Finally, the electrolyzer capital and O&M costs are estimated as in Section 4.4.1.
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Figure 25 LCOE for electricity supplied by NOAK NBs Figure 26 Tornado chart for the LCOE (in $/MWh) of electricity by
without IRA subsidy NOAK NBs without IRA subsidy

NOAK NBs without IRA subsidies

Figure 25 shows that the LCOE of the NBs is 158 + 25 [88, 297] $/MWh, with the levelized capital cost
being the main contributor (86 $/MWh), as per usual for nuclear energy. Unlike in traditional nuclear
power plants, though, the levelized cost of fuel is the second most important factor at 44 $/ MWh as a
result of the low fuel burnup for NBs.

The results of the sensitivity analysis for the LCOE are shown in Figure 26. Due to the high share of fixed
costs — the levelized capital cost and fixed O&M costs make up 114 $/MWh of the 158 $/MWh - the
operator is heavily penalized for not making full use of the installed capacity, resulting in the significant
effect of lowering the capacity factor. Also, due to the high capital cost of the NBs, the LCOE has a
significant sensitivity to this parameter. High sensitivities to the capacity factor and NB capital cost are
also found in the literature [11], [22]. On a similar note, the high sensitivity to the economic lifetime and
discount rate are also related to the large share of the capital cost. Increasing the reactor economic
lifetime to 40 years (similar to the assumption of the Nuclear Energy Institute [22]) can thus significantly
improve economics.

Lowering the thermal efficiency increases the cost dramatically, as more thermal power is needed to
produce the same amount of electricity. As a result, far more fuel is needed, which increases fuel cost,
and more units are needed, which leads to more (fixed) O&M costs. Note that there is no impact on the
capital cost because the NB capital cost is normalized to the electrical power.

In addition, the sizable share of the fuel costs results in a high sensitivity to the UO; burnup, as a decrease
in burnup yields an increase in the fuel need for a given amount of energy produced. The enrichment
cost is the most impactful out of all front-end fuel cycle parameters, followed by the yellowcake (i.e.,
uranium input) cost and finally, the fabrication cost— which is unsurprising given that UO; pellets are
easy to manufacture. Overall, the yellowcake cost has a small impact on the LCOE, making the system
resilient to uranium price upsets. Furthermore, the refueling and servicing cost has a small influence,
which is good given that the estimation of this cost is highly uncertain. Finally, the waste cost is minimal
at about 1 $/MWh — which is a typical figure for nuclear power.
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Figure 27 LCOH2 for community-scale PEM electrolysis
with electricity supplied by NOAK NBs without IRA
subsidy

Figure 28 Tornado chart for the LCOH2 (in $/kg) in a community-
scale PEM facility powered by NOAK NBs without IRA subsidy

Moreover, changing the thermal power impacts the O&M costs due to the per-unit fixed O&M costs
becoming increasingly important as the number of units rises. Similarly, a small portion of the impact of
a lower capacity factor is also due to the increased number of units needed at lower capacity factors,
driving up the O&M costs. Note that while changing the number of units at fixed capacity affects the
LCOE significantly, changing the number of units due to a change in total plant output does not — as
can be seen in the small effect of changing the plant output. Finally, also note that the influence of the
(electrolysis) electrical intensity influences the required power because the hydrogen output is fixed in
the model. Hence, changing the intensity results in a change in electrical power and so, the electrical
intensity shows up in the LCOE sensitivities.

The LCOE of 158 $/MWh is below the projected retail industrial electricity prices for CA in 2030 [7] and
is consistent with cost estimates found in the literature. The Nuclear Energy Institute reports an LCOE
for microreactors between 100 — 400 $/MWh, with the lower end of the range corresponding to their
optimistic NOAK scenario, and the upper end corresponding to their pessimistic FOAK scenario [22].
The LCOE found here is on the lower end of this range, as expected given the more optimistic capital
cost ranges used here. Also, most cost estimates in the sensitivity analysis of Buongiorno et al. [11], lie
in the range of 100 — 160 $/ MWh, which agrees with my results. Their base case, however, reports a lower
LCOE of 80 $/MWh due to their more optimistic assumptions regarding the NB capital and
decommissioning costs, number of required FTEs and their compensation, capacity factor, and SNF fees.

The use of NBs lowers the LCOH2 compared to using grid electricity, from 10.03 + 0.42 $/kg to 8.83 +
1.34 [5.14, 15.89] $/kg. The energy cost makes up the lion share of the LCOH2 at 92%, see Figure 27, with
the remaining cost being split relatively evenly between the electrolyzer capital and O&M costs. Because
the LCOH2 is almost entirely driven by the energy cost, a change in the electrical intensity of the
electrolysis is translated almost one-to-one in a change in LCOH2. Hence, the electrical intensity shows
up at the most influential parameter, Figure 28. The tornado chart also shows the small influence of the
electrolyzers, as expected given their small (8%) share in the LCOH2. Note that the plant output now has
a bit more effect on the levelized cost, due to the economy of scale in the electrolyzer cost calculations
via Equation (16). All other parameters show similar effects as discussed for the LCOE.
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Figure 29 LCOH2 for community-scale PEM electrolysis
with electricity supplied by NOAK NBs claiming an IRA
ITC

Figure 30 Tornado chart for the LCOH2 (in $/kg) in a community-
scale PEM facility powered by NOAK NBs and claiming an IRA ITC

These hydrogen costs are far higher than what is typically reported for ‘nuclear hydrogen’. First off,
traditional nuclear power plants have lower levelized costs than can be expected from NBs due to the
economy of scale. The Nuclear Energy Agency (NEA) reports LCOE estimates for traditional plants in
the range of 50 — 100 $/MWh and capital costs between 2400 and 7700 $/kWe [44] and in the US, the
existing nuclear fleet has an even lower LCOE between 30 — 50 $/MWh [45]. As an example in this range,
the NEA reports an LCOH2 of 3.4 $/kg, assuming a capital cost of 4850 $/kWe and operational costs of
24.2 $/MWh (the operational costs here are closer to 72 $/MWh) [41]. In very optimistic studies about
the evolution of nuclear technology, even lower capital cost can be found. For example, LucidCatalyst
uses capital costs as low as 700 $/kWe in their most optimistic 2050 scenario, resulting in a < 1 $/kg
LCOH2 [46].

A second reason for low reported costs of nuclear hydrogen is the use of amortized reactors, such as
Diablo Canyon in CA, for which the reported LCOH2 is 2.00 — 2.50 $/kg [47]. These reactors have low
LCOEs (e.g., 43 $/MWh [47]) and need minimal investment for repurposing the plant towards hydrogen
production (only some 550 $/kWe according to the NEA estimates [41]). A final reason is the use of more
exotic hydrogen production techniques that can utilize more of the high-temperature heat of nuclear
energy, such as the S-1 and Cu-ClI cycles for which Parkinson et al. give an LCOH2 of 1.69 - 3.12 $/kg
[34].

NOAK NBs with IRA subsidies

Claiming an ITC under the IRA reduces the LCOH2 from 8.83 $/kg without subsidy to 7.49 £ 1.06 [4.47,
12.80] $/kg. The major cost savings, of course, come from the NBs, as the electrolyzer capital cost only
accounts for 0.38 $/kg in the unsubsidized LCOH2 to begin with, see Figure 29.

As expected, the LCOH2 has become less sensitive to parameters that relate to the levelized capital cost
- i.e., the NB capital cost, the economic lifetime, capacity factor, and discount rate, Figure 30. Parameters
that influence the O&M and fuel costs — e.g., thermal power, thermal efficiency, UO, discharge burnup
— are unaffected by the ITC and have thus gained more importance.

If instead of claiming the ITC, the PTCs are claimed, then, the LCOH2 drops from 8.83 $/kg to 5.42 + 1.83
[1.11,13.56] $/kg. The cost breakdown in Figure 31 shows that the clean hydrogen PTC results in a larger
saving than the clean energy PTC - the clean energy PTC lowers the LCOH2 by 0.85 $/kg, while the
clean hydrogen PTC is close to 3.0 $/kg. Note that in about 22% of the cases, the fuel burnup is below the
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Figure 31 LCOH2 for community-scale PEM electrolysis Figure 32 Tornado chart for the LCOH2 (in $/kg) in a community-
with NOAK NBs subsidized by PTCs scale PEM facility powered by NBs claiming PTCs

threshold value of 9.69 MWd/kg HM derived in Section 4.3. This means the hydrogen lifecycle emissions
are too high for the 3.0 $/kg credit, and a 1.0 $/kg credit applies instead. As a result, the average effect of
the clean hydrogen PTC is 2.56 $/kg.

Figure 32 shows the sensitivity analysis when claiming the PTCs. The UO; burnup now has a larger
influence on the LCOH2 because besides affecting fuel costs, it also affects the lifecycle emissions and
by extension, the clean hydrogen credits. If the burnup becomes sufficiently low, the credit is reduced
from 3.0 $/kg to 1.0 $/kg as discussed above. Other than that, the PTCs only change the sensitivity to
the electrical intensity. For all other parameters, the PTCs merely result in a translation of the base value
compared to the original case without IRA credits in Figure 28. The clean hydrogen PTCs are deducted
from the cost at the very end and do not interact with the cost structure, nor any of the model parameters
— besides the UO; burnup. So, it is easy to see how this would not impact the sensitivities or any
parameter but the UO; burnup. If the electrical intensity remains fixed — as it does under the sensitivity
analysis of any other parameter — the clean electricity PTC results into a fixed credit per unit hydrogen
produced (i.e., 0.0165 $/kWh - 51.3 kWh/kg = 0.846 $/kg). Thus under the same reasoning as before, it
does not affect the sensitivities of any parameters.

Due to the high capital cost of the NBs, the impact of the ITC on the levelized cost of energy is larger
than the impact of the clean energy PTC. It is thus more beneficial to claim ‘mixed’ credits, where an
ITC is claimed by the tax payer operating the NBs and a clean hydrogen PTC is claimed by the (different)
tax payer operating the electrolyzers. Indeed, the LCOH2 is lowest in this case at 5.05 + 1.66 [1.55, 12.63]
$/kg, see Figure 33. The model sensitivities under mixed credits show traits of both the ITC and PTC
cases, Figure 34. The UO; burnup again has an enlarged impact due to it lowering the clean hydrogen
PTCs and the parameters related to the NB capital cost have a smaller influence on the cost due to their
lower overall share in the LCOH2.

Figure 35 compares the LCOH2 breakdowns for the different subsidy options. The mixed subsidies will
be the lowest-cost choice for all cases powered by NBs, so the other subsidy options will not be discussed
again in further sections.
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Figure 33 LCOH2 for community-scale PEM electrolysis

with electricity supplied by NOAK NBs with mixed IRA Figure 34 Tornado chart for the LCOH2 (in $/kg) in a community-

scale PEM facility powered by NOAK NBs with mixed IRA subsidies
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Figure 35 Comparison of the LCOH2 for community-scale PEM electrolysis using NOAK NBs when claiming different types of
IRA subsidies, the LCOH2 is broken up in two columns for each case to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel

FOAK NBs with and without IRA subsidies

So far, all calculations were performed assuming NOAK NBs. In the remainder of this section, the
economics of a first-of-a-kind (FOAK) NB. The capital costs distribution for the FOAK NB is inspired by
the Nuclear Energy Institute’s report on nuclear microreactors [22], as further discussed in Section 4.1.
The resulting distribution is triangular with a minimum capital cost of 10 000 $/kWe, a mode of 15 000
$/kWe, and a maximum of 20 000 $/kWe. All other costs are taken to equal those of the NOAK
calculations, meaning that learning effects in O&M and fuel fabrication/disposal are thus neglected here.

The LCOE of a FOAK NB is 257 + 40 [145, 445] $/MWh, which is about 1.6 times higher than the NOAK
LCOE of 158 $/MWHh, Figure 36. The rise in LCOE is entirely due to an increase in levelized capital cost
from 86 $/MWh to 185 $/MWh (factor 2.1). The levelized costs of O&M and fuel have not changed
compared to the NOAK scenario, they thus remain at 28 $/MWh and 44 $/MWh, respectively. The
dominance of the NB is thus larger than before. This is also reflected in the sensitivity analysis, with the
NB capital cost, economic lifetime, capacity factor, and discount rate becoming the most influential
parameters, Figure 37.
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Figure 38 LCOH2 for community-scale PEM electrolysis with ~ Figure 39 LCOH2 for community-scale PEM electrolysis with
FOAK NB electricity without IRA subsidy electricity supplied by FOAK NBs with mixed IRA subsidy

In their 2019 report, the Nuclear Energy Institute estimates the LCOE of an investor-owned FOAK NB
to be 210 — 400 $/MWh [22]. Our LCOE is thus on the lower end of their range, which is to be expected
given the lower (NOAK) O&M costs used here. In addition, the upper end of their range is for the most
pessimistic (20 000 $/kWe) scenario. Obviously, the higher NB capital cost is also translated into a higher
LCOH2, with a rise from 8.83 $/kg in the unsubsidized NOAK scenario to 13.89 + 2.13 [8.09, 23.67] $/kg
in the unsubsidized FOAK scenario, see Figure 38 The increase is entirely due to the higher cost of energy
(13.17 $/kg instead of 8.11 $/kg), which itself is increased solely due to the increase in NB capital cost.
The sensitivity analysis of the LCOH2 shows the same order for the most influential parameters as the
sensitivity analysis of the LCOE (Figure 37). The tornado and bar charts of the LCOH2 in the FOAK
scenario can be found in Appendix B and Appendix C, but are not shown here for sake of brevity.

Again, claiming mixed credits under the IRA is most beneficial and can reduce the LCOH2 significantly
from 13.89 $/kg to 8.44 + 1.99 [3.53, 18.27] $/kg, see Figure 40. Due to the higher NB capital cost, the ITC
now has a larger impact, as can be seen in Figure 39. The sensitivity analyses can be found in Appendix
B and Appendix C.
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Figure 40 Comparison of the LCOH2 for community-scale PEM electrolysis using FOAK NBs when claiming different types of
IRA subsidies, the LCOH2 is broken up in two columns for each case to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel

4.5.2. Distributed production

Here, a project is considered in which hydrogen is produced using PEM electrolysis and a NB with an
average plant output of 1600 kg/d on the site of the customer. Once again, the NB only supplies energy
to the electrolyzers, no excess heat or electricity is produced/sold. The assumptions used in the cost
model are listed in Table 9. Note that when only the mode is given, the parameter is fixed, when the
minimum and maximum are given, these correspond to the range of a uniform distribution, and when
the minimum, maximum, and mode are given, these describe a triangular distribution.

Table 9 NOAK model assumptions for distributed PEM electrolysis with electricity produced by NBs, FOAK capital costs are
shown in red

Parameter Unit Min Mode Max Source
Real discount rate % 2 6 12

Economic lifetime y 20 25

Capacity factor % 70 85 90

Thermal efficiency % 25 35

Discharge burnup MWd/kg HM 5 15 15

Yellow cake cost $/kg HM 111 [11]
Cost of conversion $/kg HM 6 [11]
Cost of enrichment $/SWU 171 [11]
Cost of Uuo; $/kg HM 250 500
fabrication

Refueling cost M$/NB 0.84 1.09 1.45
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Waste disposal cost k$/NB 50 400

NB capital cost $/kWe 3000 6000 10 000 [11]
10 000 15 000 20 000

Decommissioning $/MWhe 10 50

cost

Fixed NB O&M cost M$/y/unit 0.45 0.5 0.55

FTE compensation k$/y 160 300

FTEs needed FTEs/site 2 10 15

Electrolyzer capital $/kWe 553 691 1216 [43]

cost

Reference capacity kg/d 1650

Scaling exponent - 0.6 [43]

Electrolyzer fixed ($/y)/kWe 28 42 93 [43]

O&M cost

Reference capacity kg/d 1650

Scaling exponent - 0.955 [43]

Electrical energy kWh/kg 51.3 [37]

intensity

Again, the annual hydrogen production is fixed, which results in a change in the electrolyzer design
capacity and the power demand when the capacity factor changes. But in contrast to the model for a
community-scale facility, there is only one unit with varying thermal power rather than a varying
number of units at fixed power.

The capacity factor is lowered compared to community-scale production to account for the possibility
of, e.g., periods of lowered hydrogen demand. In addition, the uptime of one NB will be lower than that
of multiple NBs, for which maintenance and refueling can be staggered to increase reliability.

Again, all other model assumptions regarding the NB are equal to those discussed in Section 4.1, and the
electrolyzers are modeled as in Section 4.4.1.
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NOAK NBs with and without IRA subsidies

Note that the O&M costs of the NBs do not scale with reactor power because security requirement do
not scale with the output power, nor do the fixed NB O&M costs (which include costs such as NRC
operating fees, NRC inspections, insurance premiums, etc.). Consequently, the levelized O&M cost for
the single low-power NB is much higher at 95 $/MWh compared to 28 $/MWh for the community-scale
case with multiple units, and it is mainly driven by the cost of the on-site armed guards (80%). The
increase in the O&M costs is the culprit behind the LCOE rise from 158 $/MWh to 231 + 36 [120, 411]
$/MWh, see Figure 41. Although, the levelized capital cost is also slightly higher than for the community-
scale facility (at 92 $/MWh compared to 86 $/MWh), because the average capacity factor is lower for the
distributed production.

The LCOE of the low-power NB is much higher than the retail electricity price in CA, thus, the
unsubsidized distributed production will not be economical. Only in outlier contexts, such as Hawaii, the
state with the highest average retail electricity prices (270 $/MWh [40]), will the low-power NB be
competitive. Yet, it must be noted that my estimates for the low-power NB are far more pessimistic than
those found in the literature. The INL estimates an LCOE of 155 $/MWh for an NOAK NB at a similar
total number of NBs produced [20]. Comparing their NOAK estimate to ours directly is not
straightforward, as they have used different learning rates for different cost elements. A more
meaningful comparison is thus between the FOAK cases, which will be given further in this section.

Figure 42 shows the results of the LCOE sensitivity analysis. The plant output — which is directly related
to the thermal power of the single unit — is most influential because it spreads the O&M costs over more
or less electricity production. It does not affect the levelized capital cost, though, because the normalized
capital cost is fixed. Furthermore, the fourth and fifth most influential parameters are the number of
required FTEs and their compensation, due to the large share of O&M costs in the LCOE. Note also that
the fixed O&M costs of NB have become more important than for the community-scale production. The
impacts of the other parameters can be understood as before, with the NB capital cost, capacity factor,
economic lifetime, and discount rate all relating back to the sizeable share of the capital cost in the LCOE
— about a third of the LCOE is due to capital cost — and with the thermal efficiency and UO; discharge
burnup relating to the fuel costs.
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Figure 43 Comparison of the LCOH2 for distributed PEM electrolysis using NOAK NBs when claiming different types of IRA
subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers versus energy and to show
the distribution between the levelized costs of capital, O&M, and fuel

Note that the fixed hydrogen output with the needed electricity delivered by a single NB makes a change
in the electrical intensity with fixed hydrogen output equal to a change of hydrogen output at fixed
electrical intensity, with both effectively being a change of the reactor power. Similarly, this setup makes
changes in the UO2 burnup and thermal efficiency equivalent.

Unsurprisingly given the high LCOE of the low-power NB, the LCOH2 in the distributed production is
high at 12.73 £ 1.87 [6.77, 22.19] $/kg, with 93% attributed to the energy (NB) cost. The sensitivity analysis
of the LCOH2 shows a similar order and impact for the most influential parameters. Figures for the
LCOH2 are not shown here for sake of brevity, but can be found in 0.

The distributed production facility is eligible to claim tax credits under the IRA and claiming the mixed
credits is most beneficial. These lower the LCOH2 from 12.73 $/kg to 8.85 + 2.08 [3.13, 17.49] $/kg.
Unfortunately, the credits do little to combat the large O&M costs, so the LCOH2 remains high, see
Figure 43. With the IRA subsidies, the use of NBs for distributed production becomes more economical
than using unsubsidized grid electricity. If IRA subsidies can be claimed for the grid electricity, however,
the latter is more economical. The cost breakdowns and sensitivity analyses when claiming tax credits
can be found in Appendix B and Appendix C.

FOAK NBs with and without IRA subsidies

As was the case in Section 4.5.1, the FOAK calculations are performed by increasing the NB capital cost,
while keeping all other costs and parameters fixed, thereby neglecting any learning effect in the O&M
and fuel costs. Consequently, the levelized capital cost increases from 92 $/MWh to 199 $/MWh, raising
the LCOE to 338 + 50 [188, 583] $/MWh. As a result, the LCOH2 for the distributed production using
FOAK NBs is 18.21 + 2.61 [10.22, 31.06] $/kg. The cost breakdown is shown in Figure 44.

For their (economically optimized) FOAK unit, the INL estimates an LCOE of 363 $/MWh [20]. The lion
share of the LCOE comes from the investment/capital costs at 241 $/MWh, which is similar to the
levelized capital cost of 199 $/MWh found in this work. The second largest cost driver in their design is
the fuel, with a levelized cost of 83 $/ MWh. Their fuel cost is about 70% higher than this study’s fuel cost
of 44 $/MWh, which is not unsurprising since low-enriched (5 wt%) UO; fuel is used here, whereas they
assume a higher enrichment of the fuel (19.7 wt%) — for which higher costs are to be expected. Finally,
the INL estimates a levelized O&M cost of about 40 $/MWh [20], a half of the 95 $/ MWh estimated here.
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Figure 44 LCOH2 for distributed PEM electrolysis with FOAK Figure 45 LCOH2 for distributed PEM electrolysis with FOAK NBs
NBs without IRA subsidy with mixed IRA subsidies

For one, according to the INL operations can be streamlined to only 5 FTEs and they assume a lower
compensation of FTEs - e.g., they estimate the compensation of a security guards to be 70 000 $/y,
whereas all FTEs in my model are compensated between 160 000 and 300 000 $/y. Also, due to differences
in cost structure, O&M costs in the INL report do not include items from my definition of fixed NB O&M
costs — i.e., insurance premiums, NRC operating fee, etc.

The IRA subsidies can substantially lower the LCOH2 from 18.21 $/kg to 12.51 £ 2.42 [5.34, 24.86] $/kg —
the cost breakdown is shown in Figure 45. However, this is not sufficient to make the FOAK NBs
competitive compared to distributed hydrogen production using grid electricity. Once more, figures for
all calculations can be found in Appendix B and Appendix C.
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4.6. SOEC electrolysis with nuclear batteries

4.6.1. Community-scale production

This section studies a community-scale SOEC plant in which NBs provide electricity and heat. The plant
is sized to have an average daily output of 25 000 kg/d, and the NBs only supply energy to the
electrolyzers; no excess heat or electricity is produced/sold. The assumptions used in the cost model are
listed in Table 10. Note that when only the mode is given, the parameter is fixed, when the minimum
and maximum are given, these correspond to the range of a uniform distribution, and when the
minimum, maximum, and mode are given, these describe a triangular distribution.

Table 10 NOAK model assumptions for a community-scale SOEC facility with electricity and heat provided by NBs, FOAK
capital costs are shown in red

Parameter Unit Min Mode Max Source

Real discount rate % 2 6 12

Economic lifetime y 20 25

Thermal power MW/unit 15

Capacity factor % 80 90 95

Thermal efficiency % 25 35

Discharge burnup MWwd/kg HM 5 15 15

Yellow cake cost $/kg HM 111 [11]

Cost of conversion $/kg HM 6 [11]

Cost of enrichment $/SWU 171 [11]

Cost of U0, $/kg HM 250 500

fabrication

Refueling cost M$/NB 0.84 1.09 1.45

Waste disposal k$/NB 50 400

NB capital cost $/kWe 3000 6000 10 000 [11]
10 000 15 000 20 000

Decommissioning $/MWhe 10 50

cost

Fixed NB O&M cost M$/y/unit 0.45 0.5 0.55

FTE compensation k$/y 160 300

FTEs needed FTEs/site 2 10 15
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Electrolyzer capital $/kWe 1257 1561 1728 [48]
cost

Reference capacity kg/d 25 000

Scaling exponent - 0.6 [48]
Electrolyzer  fixed ($/y)/kWe 72 96 119 [48]
O&M cost

Reference capacity kg/d 25 000

Scaling exponent - 0.755 [48]
Operating °C 650 [49]
temperature

Thermal energy kWh/kg 7.0 [49]
intensity

Electrical energy kWh/kg 38.2 [49]
intensity

The plant is modeled much the same way as in Section 4.5.1, i.e., the number of NBs is varied while the
power remains fixed. In addition, the same assumptions regarding the NBs are used. Here, however, a
part of the thermal output of the NBs is used to heat the SOEC electrolyzers directly.

The electrolyzer cell’s operating temperature is 650 °C in accordance with the NREL’s H2A model on
future SOEC electrolysis [49]. This temperature is well within the range achievable with NBs. Moreover,
this H2A model is also used to estimate the mode of the electrolyzer costs and the energy intensities. In
determining the cost range around the modes, the same ratio of mode to minimum/maximum cost is
used as for the PEM electrolysis discussed in Section 4.5.1.

NOAK NBs with and without IRA subsidies

As mentioned in Section 4.2, the LCOE of the NBs used for SOEC cannot be calculated directly due to
the cogeneration of heat and electricity and it is instead derived from the LCOH as LCOE = LCOH /1.
Seeing as none of the NB parameters have changed, the resulting LCOE should be the same here as it
was in Section 4.5. There are, however, very slight differences on the order of 1% because the total number
of NBs needed for the more efficient SOEC electrolysis is different than for PEM electrolysis. As a result,
the impact of the fixed FTE cost per site is different. Given the small difference of the LCOE with those
reported in Section 4.5, they will not be discussed further in the main text. However, all LCOE results are
given in Appendix B.
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Figure 46 LCOH2 for community-scale SOEC electrolysis Figure 47 Tornado chart for the LCOH2 (in $/kg) in a community-scale
with electricity supplied by NOAK NBs without IRA SOEC facility powered by NOAK NBs without IRA subsidies
subsidy

Using part of the high-temperature heat directly in the electrolysis, rather than first converting it to
electricity in roughly a 3:1 or 4:1 ratio, lowers the total energy demand. Consequently, about a fifth less
NBs are needed, thereby reducing the energy cost from 8.11 $/kg for unsubsidized PEM to 6.41 $/kg for
unsubsidized SOEC. However, this cost reduction is partially offset by the increased cost of the SOEC
electrolyzers (1.11 $/kg) compared to PEM electrolyzers (0.71 $/kg). As a result, the LCOH2 is only
lowered from 8.62 $/kg when using PEM to 7.52 + 1.06 [4.44, 13.63] $/kg when using SOEC, with the cost
breakdown shown in Figure 46.

Again, the levelized capital cost is the main contributor to the LCOH2. The levelized fuel cost is lowered
compared to PEM electrolysis due to the higher energy efficiency of the SOEC electrolysis. The levelized
O&M cost also decreases slightly due to the lowered number of units needed per amount of hydrogen
produced, which results in less fixed NB O&M costs per unit hydrogen produced.

Comparing the LCOH2 sensitivity analysis (shown in Figure 47) to the LCOH2 sensitivity analysis for
unsubsidized, community-scale PEM electrolysis (Figure 27) shows that, overall, the cost drivers are
similar in SOEC and PEM electrolysis with NBs. Although, the thermal efficiency of the NBs has become
slightly less impactful due to the higher overall energy efficiency of SOEC and the electrolyzers costs
have a larger impact now. Still, the LCOH2 remains relatively insensitive to the electrolyzer costs, which
is good as cost projections for SOEC electrolyzers in the literature vary greatly. Note that while the
electrical intensity still has the largest influence, the thermal efficiency has a limited impact. This is a
result of the rather low thermal demand (7 kWh/kg vs. 38 kWh/kg) and the fact that heat is produced in
a 3:1 or 4:1 ratio to electricity.

Similar to the results for PEM electrolysis, the LCOH2 for SOEC reported here is higher than what can
typically be found in the literature for nuclear-powered SOEC because the large-scale plants benefit from
the economy of scale. The NEA estimates the LCOH2 for newly built reactors between 2.1 - 2.9 $/kg [41]
and Pinsky et al. give an LCOH2 range of 2.53 — 4.21 $/kg [8]. An exception is the work of Lee et al. who
investigate the coupling of a high-temperature small modular reactor to an SOEC stack. They report
LCOH2s in the range of 5 - 7.6 $/kg [38], which agrees with my result. The reason for their higher LCOH2
lies in the fact that they assume an LCOE of 140 — 184 $/MWh — the LCOE of the NBs is 158 $/MWh.
This range is significantly higher than what is typically assumed for large scale plants - e.g., the NEA
assumes an LCOE of 42 — 65 $/MWh for their SOEC estimates [41].
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Because of the higher overall energy efficiency of SOEC compared to PEM, the emissions associated
with hydrogen production are lower for the SOEC plant than for the PEM plant given the same
assumptions regarding the NBs. As a result, the lower hydrogen PTC of 1.0 $/kg is only sampled about
5% of the time compared to 22% for PEM, resulting in a larger impact of the hydrogen PTC subsidies.
Once more, the mixed subsidies are most beneficial, lowering the LCOH2 from 7.52 $/kg without subsidy
to 3.67 + 1.11 [0.95, 10.13] $/kg, see Figure 48. The cost breakdown and sensitivity analyses for the
subsidized cases are given in Appendix B and Appendix C.

FOAK NBs with and without IRA subsidies

For the FOAK NBs, the capital cost is again increased while leaving all other parameters untouched,
resulting in a LCOH2 increase from 7.52 $/kg to 11.51 + 1.71 [6.88, 19.48] $/kg. Figure 50 shows that the
LCOH2 is most sensitive to parameters that relate to the capital cost — the NB capital cost, economic
lifetime, capacity factor, and discount rate — which is not unexpected given the 66% share of the capital
cost in the LCOH2.

Making use of the mixed IRA tax credits, the FOAK NB SOEC plant can reach an LCOH2 of 6.32 + 1.41
[2.65, 15.25] $/kg (cost breakdown in Figure 50). This is comparable to the cost of subsidized PEM with
grid electricity in CA, for which the LCOH2 is 6.18 $/kg. The cost breakdown and sensitivity analyses for
the ITC and PTC cases are given in Appendix B and Appendix C.
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4.6.2. Distributed production

This case considers a project in which hydrogen is produced on the site of the customer using SOEC
electrolysis and a NB with an average plant output of 1600 kg/d. Again, the NB only supplies energy to
the electrolyzers; no excess heat or electricity is produced/sold. The assumptions used in the cost model
are listed in Table 11. Note that when only the mode is given, the parameter is fixed, when the minimum
and maximum are given, these correspond to the range of a uniform distribution, and when the
minimum, maximum and mode are given, these describe a triangular distribution.

Table 11 NOAK model assumptions for distributed PEM electrolysis with electricity and heat provided by NBs, FOAK capital
costs are shown in red

Parameter Unit Min Mode Max Source
Real discount rate % 2 6 12

Economic lifetime y 20 25

Capacity factor % 70 85 90

Thermal efficiency % 25 35

Discharge burnup MWwd/kg HM 5 15 15

Yellow cake cost $/kg HM 111 [11]
Cost of conversion $/kg HM 6 [11]
Cost of enrichment $/SWU 171 [11]
Cost of UO2 $/kg HM 250 500
fabrication

Refueling cost M$/NB 0.84 1.09 1.45
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Waste disposal k$/NB 50 400

NB capital cost $/kWe 3000 6000 10 000 [11]
10 000 15 000 20 000

Decommissioning $/MWhe 10 50

cost

Fixed NB O&M cost M$/y/unit 0.45 0.5 0.55

FTE compensation k$/y 160 300

FTEs needed FTEs/site 2 10 15

Electrolyzer capital cost $/kWe 1531 1902 2106 [36]

Reference capacity kg/d 1650

Scaling exponent - 0.6 [36]

Electrolyzer fixed O&M  ($/y)/kWe 77 103 129 [36]

cost

Reference capacity kg/d 1650

Scaling exponent - 0.955 [36]

Operating °C 650 [37]

temperature

Thermal energy kWh/kg 7.0 [37]

intensity

Electrical energy kWh/kg 38.2 [37]

intensity

Analogously to the treatment of the distributed PEM facility of Section 4.5.2, there is only one NB with
varying thermal power to meet the energy demands. Other than that, the plant is modeled with the
same parameters as the community-scale SOEC facility of Section 4.6.1, except for the electrolyzers. The
energy intensities are again taken from the H2A model for future SOEC electrolysis. Unfortunately, the
design capacity under consideration falls outside the limits of the capital cost correlations in the H2A
model. So, the capital and O&M costs are roughly estimated by scaling the electrolyzer costs for the
community-scale SOEC facility by the same ratio as there is between the electrolyzer costs in the
community-scale and distributed PEM cases. In addition, the same scaling exponents as in the
distributed PEM cases.
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electricity supplied by NOAK NBs without IRA subsidy electrolysis with electricity supplied by NOAK NBs without IRA
subsidy

NOAK NBs with and without IRA subsidies

For the distributed production, there is a larger difference in the LCOE calculated for the PEM
electrolysis and the LCOE calculated for the SOEC electrolysis because the total power of the single NB
is lower in the SOEC context. As a result, the fixed O&M costs carry more weight and the LCOE is 6 -
10% higher than in Section 4.5.2. Other than that, all conclusions relating to the LCOE are similar, and
the LCOE results are not repeated here for sake of brevity, but they can be found in Appendix B.

Like for the distributed PEM hydrogen production, there is a high levelized O&M cost due to the lack of
scaling of the fixed NB O&M costs and security requirements with the NB power, Figure 51. The levelized
capital and fuel costs remain similar to their values in the community-scale SOEC production. Due to
the dominance of the power-insensitive O&M costs, the LCOH2 difference between distributed SOEC
and PEM remains limited, with a cost decrease from 12.73 $/kg for PEM to 11.50 + 1.69 [6.53, 20.35] $/kg.

The sensitivity analysis (Figure 52) shows similar trends as the LCOE sensitivity of the distributed PEM
case (Figure 42). The plant output and electrical intensity are again the most influential, but no longer
have the exact same sensitivity (as was the case in distributed PEM electrolysis) because the partial
thermal demand makes an increase in hydrogen output no longer a one-to-one increase in electrical
demand.

As expected, FTE parameters are among the most influential parameters due to the large share of the
O&M costs in the LCOH2. In terms of sensitivity, these parameters are followed by parameters that
relate to the capital cost — economic lifetime, capacity factor, etc. The LCOH2 has become more sensitive
to the electrolyzer costs compared to the PEM cases, but overall, the effect of electrolyzer costs remains
limited. Thus, the crude estimation these costs will not have a large impact on the LCOH2.

The mixed credits under the IRA can reduce the cost of hydrogen to 7.56 + 1.68 [2.78, 16.89] $/kg, which
is below the unsubsidized production using grid electricity (at 10.12 $/kg). The cost breakdown and
sensitivity analyses for the ITC, PTC, and mixed cases are given in in Appendix B and Appendix C.
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FOAK NBs with and without IRA subsidies

Once more, the FOAK calculations are performed by increasing the NB capital cost, while keeping all
other costs and parameters fixed, thereby neglecting any learning effect in the O&M and fuel costs.
Consequently, the LCOH2 increases to 15.81 + 2.24 [8.20, 25.85] $/kg, with a larger share of the NB capital
cost, Figure 53. Also as a result of the higher NB capital cost, the capacity factor and normalized NBs
capital cost have now become the second and third most influential parameters for the LCOH2 closely
followed by the plant output, Figure 54. The main takeaway of the sensitivity analysis remains the same
as for the NOAK case, though, the LCOH2 remains especially sensitive to the O&M costs and NB capital
cost.

The mixed IRA tax credits result in a cost of 10.44 + 1.95 [4.39, 21.35] $/kg comparable to that of
unsubsidized distributed PEM with electricity bought from the grid (10.12 $/kg). The cost breakdown and
sensitivity analyses for the ITC and PTC cases are given in in Appendix B and Appendix C.



4. Hydrogen production cost analysis

4.7. TRISO fuel

Traditional reactor fuel consists of fuel pellets stacked into fuel rods with a cylindrical cladding that are
collected into larger assemblies, Figure 55. In contrast, TRISO fuels are small particles with a spherical
fuel kernel surrounded by multiple shells, Figure 56. The silicon carbide (SiC) layer is the most important
and acts as a cladding, trapping the fission products inside. Additionally, there is a porous buffer that
accommodates expansion of the fuel kernel as well as the buildup of fission gasses. Finally, there are the
pyrolytic carbon layers that protect the silicon carbide layer from chemical attack [50]. Many TRISO
particles are combined into a fuel compact, which is typically cylindrical with a graphite matrix and
forms the fuel elements that are stacked in the core.

Spacer
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Figure 55 Schematic of PWR fuel assembly and fuel rods. Figure 56 Schematic representation of a TRISO particle and the
Taken from Ref. [51] way it is stacked in the core. Taken from Ref. [52]

TRISO fuels offer enhanced safety features due to the robust trapping of the fission products in the
TRISO particles as well as high burnup and the possibility to operate at high temperature. Hence, it is
not surprising that many of the NB designs currently being developed aim to use these fuels, Table 12.

The more complex structure of the fuel results in far higher fuel fabrication costs, with the INL estimating
the TRISO fabrication cost at about 15 000 $/kg HM for their nominal estimates [53]. Based on their
estimate and the group’s judgement, a fabrication cost range of 10 000 — 20 000 $/kg HM is used.

In addition, TRISO fuel has a far higher enrichment to counteract the fact that the uranium mass goes
down when substituting a volume of UO; with a volume of TRISO particles due to the less efficient
packing of fuel in the volume. Typically, such a substitution would result in less than 10% of the original
fuel volume being taken up by TRISO fuel kernels. Hence, TRISO fuel particles need a higher enrichment
to maintain a sufficient fissile inventory. The increase in enrichment leads to an increase in cost.
However, the enrichment cost increase is overshadowed by the increase in fabrication cost compared to
traditional UO; fuel. Hence, my analysis is based on a design that uses maximum enrichment (19.75 wt%)
to minimize the fuel loading.
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Table 12 A list of NB designs that are being developed

Name Company Fuel Coolant Power [MWe]

Pele BWXT HALEU TRISO Helium 3-5

eVinci Westinghouse =~ HALEU TRISO Na 5

XENITH X-Energy HALEU TRISO Helium 7

Kaleidos Radiant HALEU TRISO Helium 1
Nuclear

MARVEL INL HALEU TRIGA NaK < 0.1

ARC Alpha Tech LEU Fluoride 12
Research Corp salt

HOLOS HolosGen HALEU TRISO Helium <13

Nugen NuGen HALEU TRISO Helium 1-3

Engine

PWR-20 Last Energy LEU UO; H.O 20

The higher burnup of TRISO fuels results in less overall fuel being needed. However, the fuel itself is
more expensive as mentioned above. The latter is seen to be more important, as using TRISO fuel adds
14 $/MWh to the levelized fuel cost, thereby increase it to 57 $/MWh. This is mainly a result of the high
fabrication cost, which would have to come down to 8150 $/kg HM to reach the same levelized fuel cost
as UOz in my model.

As a result of the higher energy cost, the LCOH2 rises 0.63 $/kg in PEM electrolysis. However, the use of
TRISO fuel has a secondary effect when claiming clean hydrogen PTCs under the IRA. The higher burnup
of TRISO fuel compared to UO; fuel leads to less fuel use and lower lifecycle emissions. Note that TRISO’s
higher enrichment comes at a emissions penalty under the GREET accounting, but this is more than
offset by the higher burnup. As a result, the full 3 $/kg clean hydrogen PTC can be claimed more often
when using TRISO fuel, which reduces the average cost difference to 0.18 $/kg when claiming clean
hydrogen PTCs. More information on the link between emissions, fuel burnup, and the clean hydrogen
PTC is given in Section 4.3.

When using TRISO fuel and PEM electrolysis, the LCOH2 for semi-centralized production is 9.46 + 1.36
[5.38, 15.80] $/kg without IRA subsidy and 5.24 + 1.10 [1.74, 10.11] $/kg when claiming mixed subsidies.
For distributed production, the LCOH2 is 13.36 + 1.89 [7.26, 21.88] $/kg without claiming subsidies and
9.05 + 1.68 [3.45, 15.98] $/kg with mixed subsidies.

For SOEC, the 14 $/MWh LCOE increase only translates to a 0.5 $/kg increase in LCOH2, or 0.39 $/kg
when claiming the PTCs. The mitigating effect of claiming clean hydrogen PTCs is now smaller because,
for SOEC, the burnup threshold for the lower PTCs is smaller, as explained in Section 4.3. Consequently,
UO; projects are already able to claim the full PTC in almost all cases, leading to little benefit of a lifecycle
emission decrease when using TRISO fuel.
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In unsubsidized semi-centralized production with SOEC, the LCOH2 is 8.02 + 1.09 [4.44, 13.63] $/kg.
When claiming the mixed credits, it is lowered to 4.07 + 0.88 [1.26, 8.23] $/kg. For unsubsidized distributed
production, the LCOH2 is 12.00 + 1.69 [6.76, 19.41] $/kg, which is lowered to 7.98 + 1.54 [3.15, 14.93] $/kg
with mixed subsidies. All other permutations of subsidies and the resulting LCOE and LCOH2 values are
given in Appendix B and Appendix C.

Figure 57 and Figure 58 compare the sensitivity analyses for semi-centralized production with mixed
subsidies when using UO; and TRISO fuels. A first thing to note is the lower impact of the TRISO burnup
compared to the UO; burnup. When using UO», the lower end of the burnup range falls below the full-
PTC threshold defined in Section 4.3, i.e., the higher fuel use due to the low burnup leads to lifecycle
emissions that are too high to claim the full 3 $/kg clean hydrogen PTC, resulting in a 1 $/kg subsidy
instead. When using TRISO fuel, however, the burnup remains above the threshold value throughout the
sensitivity analysis, i.e., the full 3 $/kg clean hydrogen PTC can be claimed at all times in the analysis.
Thus, the effect of lowering the TRISO burnup is lower than the effect of lowering the UO, burnup.

In addition, the relative impact of the fuel cycle costs have shifted. For UO; fuels, the order of cost impact
is: enrichment > uranium > fabrication, whereas it is fabrication > enrichment > uranium due to the
immense fabrication cost of TRISO fuels. Note that the impact of yellow cake (uranium) cost is lower for
TRISO fuels due to the lower overall uranium mass needed, thereby making the TRISO-fueled NBs even
more resilient to uranium price upsets. Finally, note also that my model assumes an equal SWU cost for
the High-Assay Low-Enriched Uranium (HALEU) needed for TRISO fuel as it does for the traditional
UO,. However, in the U.S., HALEU enrichment requires novel enrichment facilities, the construction of
which will likely increase the per-SWU cost of TRISO compared to UO; fuel.
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4.8. Effect of facility sizing

The cost of on-site armed guards is the main driver for the cost increase between semi-centralized and
distributed production, as it is site-specific and independent of the power output. Increasing the facility
size is an obvious solution to combat the increase in levelized cost due to the fixed guard cost. However,
increasing the plant output has diminishing returns. So, in this section, the evolution of cost as a function
of the number of NBs is treated to get an idea of the optimal range of NBs.

To that end, the number of NBs is varied in the semi-centralized cost model with all parameters
normalized to the expected value of their cost distributions given in Sections 4.5 and 4.6. No Monte Carlo
simulations are run for the sweep. So, the data shown in Figure 59 and Figure 61 is the result of single
calculations with normalized parameters. The electrolyzer cost function is used outside of its intended
range during the sweep. However, this does not affect the overall trends observed due to the small
influence of the electrolyzer costs in the LCOH2. By contrast, the cost differences of Figure 60 are based
on Monte Carlo simulations in which the distributed model is used and in which the model parameters
are sampled consistently between the one-NB and two-NB cases to avoid overestimating the spread on
the cost difference — as will be explained in more detail in Section 4.10.

Clearly, the costs fall significantly upon installation of a second (and third) NB, Figure 59. On average,
the addition of a second NB in unsubsidized distributed production leads to a 38 $/MWh decrease in the
LCOE and a 2.08 $/kg decrease in the LCOH2. Again, note that these values do not perfectly match those
of Figure 59 because they result from Monte Carlo simulations of the distributed model, whereas the
figure is created with single calculations starting from the semi-centralized production model. Also note
that both the LCOE and LCOH2 approach the same asymptote, but at different rates due to the presence
of the electrolyzer costs.
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Figure 61 The percentage decrease in the LCOE and LCOH2 upon adding a second NB as a function of the number of required
on-site guards

For PEM, the LCOH2 after adding a second NB is 6.79 + 1.85 [2.13, 16.93] $/kg with mixed IRA subsidies,
which is about 2.07 + 0.72 [0.31, 4.67] $/kg lower than when using a single NB, Figure 60. When using
subsidized SOEC with two NBs, the LCOH2 is 4.81 + 1.26 [1.65, 13.01] $/kg; again, lower than the LCOH2
when using a single NB by 2.74 + 0.80 [0.74, 5.59] $/kg. There is thus clearly a heavy penalty to using
only one NB. A double NB station would have too large of a capacity, but projects with two large, coupled
stations are conceivable - e.g., two stations on either side of an interstate. Note that the LCOE and
LCOH2 for other subsidy and fuel permutations with two NBs are also given in Appendix B and Appendix
C.

While there is a clear benefit to adding NBs at low capacity, the diminishing returns quickly show up -
e.g., adding a fifth or seventh NB only decreases the LCOE by 2% or 1%, respectively. Indeed the 6.79
$/kg LCOH2 when using two NBs is already close to the 5.05 $/kg LCOH2 for semi-centralized production
with PEM - 4.81 $/kg versus 3.67 $/kg for SOEC. In addition, NBs suffer from diseconomies of scale
compared to technologies with a higher generation capacity (e.g., small modular reactors). So, it is
unlikely that adding many NBs will be the lowest cost option and the upper bound on a reasonable
number of NBs will be determined by the nearest high-power competing technology. Overall, it appears
that the optimal number of NBs will be a handful - e.g., four.

Figure 61 shows the percentage decline in the LCOE/LCOH2 when increasing the number of NBs from
one to two as a function of the number of on-site FTEs. It is no surprise that if there are less on-site
guards, the levelized costs will be less capacity dependent because the benefit of increasing the facility
capacity stems from diluting the site-specific and power-independent cost of on-site guards over a larger
production. There is still an effect of doubling the capacity on the LCOH2 without any on-site guards
because of the lower electrolyzer cost. With guards present, the percentage decrease in LCOE/LCOH2
increases sublinearly with an increase in the number of FTEs, reaching about a 20% drop for the
maximum number of 15 FTEs.

As mentioned in Section 4.1, the number of required FTEs is much larger if a traditional security approach
is used, as in the recent Sandia study [24]. This would amply the scaling effects drastically and lead to
larger facilities needed to dilute costs. But again, an assumption of this study is that novel security
approaches such at those of Mangin et al. [25] can be used, as the projects are simply not competitive
otherwise.
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4.9. Revenue from grid participation

Grid participation has the potential to boost the profitability of a NB project by allowing to capitalize on
the price dynamics and ancillary service payments. While the focus is primarily on selling electricity
during high-demand periods and securing resource adequacy payments, the impact of purchasing
electricity during low-price periods will also be briefly discussed.

Capacity payments

In order to ensure that supply can meet demand (i.e., resource adequacy) at all times, some electricity
markets have capacity payments to attract investment in new generation capacity as well as to
incentivize generators to be online in times of need. CAISO also has capacity payments in the form of a
monthly payment based on the Qualifying Capacity of a dispatchable generator, which is determined
based on periodic maximum power tests. The payment depending on the location and time of year to
more efficiently incentivize generation in places and times of need [54].

The average resource adequacy payment in 2021 was 7.40 2022$/kW/month. Assuming a 100% capacity
factor, such a payment equates to a welcome 10 $/MWh discount in the LCOE, which results in a 0.52
$/kg discount in the LCOH2 for PEM and a 0.38 $/kg discount for SOEC. The 85" percentile payment is
9.612022$/kW/month, which is a 13.2 $/MWh, which is a 0.67 $/kg discount for PEM.

Electricity sales revenue

From Sections 4.4 through 4.6, it is clear that the electricity cost by far dominates the cost of hydrogen.
In the extreme case that the electricity cost is the only cost — i.e., the electrolyzer cost is neglected — the
cost of hydrogen can be linked to an equivalent cost of electricity. Assuming an intensity of 50 kWh/kg
for PEM, 20 $/MWh electricity will result in a 1 $/kg LCOH2. Of course, the same reasoning holds for
prices and this equivalence is used to optimize the NB project between selling electricity to the grid or
producing hydrogen. If hydrogen is priced at 3 $/kg, one should produce hydrogen so long as electricity
prices are below the equivalent hydrogen price of 60 $/MWh and sell electricity to the grid otherwise.
This principle is shown in Figure 62 with a threshold price of 100 $/MWh.
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Figure 65 The annual number of hours in which hydrogen is produced instead of selling electricity to the grid as a function of
the hydrogen price

In reality, one cannot switch between producing hydrogen and selling electricity immediately, as the
PEM electrolyzers take some time to ramp up and down. This must be taken into account to avoid
overestimating the benefit of switching production for short-duration price spikes. A 5 min ramping time
is assumed, in line with assumptions of Buttler et al. [35] and Nguyen et al. [55]. Note also that in all
calculations the PEM intensity is assumed to be 51.3 kWh/kg rather than 50 kWh/kg in line with the
value assumed in my economic models.

First, the electricity sales versus hydrogen production are omptimized retrospectively, using the average
2022 wholesale electricity price in 5 minute intervals — this is the dataset used to make Figure 62. The
revenue streams per MW of capacity are shown in Figure 63. At low hydrogen prices, almost all revenue
comes from electricity production and there is an obvious incentive for selling electricity to the grid. At
higher hydrogen prices, the effect of selling electricity is more limited and electricity is sold to the grid
only in very high price events.
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Figure 66 2022 wholesale electricity price on the SOUTHBY_6_N001 node in Sacramento in five-minute intervals. The
threshold price between electricity and hydrogen production is 100 $/MWh in the figure

While electricity sales increase the project revenue, they decrease the hydrogen output. If the loss of
hydrogen production is sufficiently high, this can lead to an increase in the LCOH2 (Figure 64 and Figure
65) is insufficient to counteract spreading the costs over a lower hydrogen output. Note that this lowering
of the LCOH2 is an artifact of the cost allocation — or rather, lack thereof — between the hydrogen
production and electricity sales. Importantly, the analysis here does not take into account the possibility
of increasing the facility size to maintain the annual hydrogen output. Allowing for an increase in
capacity would boost the economics of the project significantly, as was discussed in Sections 4.5 and 4.6.

The LCOH2s of semi-centralized PEM production with NBs are between 5 $/kg and 9 $/kg. So, a more
relevant range of hydrogen prices for such a project is, e.g., 6 $/kg to 10 $/kg. In this range, selling
electricity to the grid increases revenue by 11.8 % to 4.1% and the revenue of electricity sales per MW of
capacity is 12 — 80 k$/y, respectively. The resulting LCOH2 discount is pretty stable for semi-centralized
production around 0.5 $/kg and varies between 0.1 and 0.3 $/kg for distributed production.

Of course, the benefit of electricity sales depends on the specific behavior of the electricity prices, which
is varies across time and location. For example, repeating the above exercise with the 2022 LMP data of
the SOUTHBY_6_N001 node in Sacramento (shown in Figure 66) sees almost no benefit of electricity
sales with an impact on the LCOH2 on the order of 0.01 $/kg.

There are two reasons why there is no gain to selling electricity to the grid when using the Cambium
data set. For one, the energy prices (marginal costs) in the dataset are 1.7 to 8.3 times lower than the
historical 2022 prices. Second, there are no high price events as there are in the real price data. This lack
of extreme volatility is a well-known shortcoming of the Cambium dataset [56], [45]. The problem is
exacerbated by the fact that an increase in price volatility can be expected with increasing renewable
penetration, as was already seen in recent years [58]. As such, using the Cambium dataset
underestimates the revenue stream possible from selling electricity to the grid.

Yet, the little to no gain from electricity sales is not the only reason that grid participation is not worth
it for NBs. So far, only electricity sales were considered, but under grid participation, one should also
buy electricity in times of low prices — with low prices being prices below the marginal cost of electricity
production of the NBs. Then it is only economical to operate the NBs when prices are above its marginal
cost — producing hydrogen when prices are lower the equivalent hydrogen price and selling electricity
to the grid otherwise.
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The marginal cost of productions for the NBs can be approximated by the levelized cost of fuel, which is
about 45 $/MWh when using UO; fuel and 57 $/MWh when using TRISO fuels. Both are relatively high,
with the average 2022 CAISO prices being lower in 28% to 42% of the time, respectively, and the Cambium
average monthly price being lower for all months. As a result, the NBs would not operate often, and
infrequent operation is detrimental to the economics of such a high capital cost asset. Thus, the use of
NBs is likely not economical when connected to the grid, and they should instead be considered for off-
grid application.

It is, of course, too early to write off NB use in grid applications based on the rudimentary analysis
presented here. For one, the cost of power generation with NBs is still up in the air. Second, the power
prices vary significantly between different grids and different locations within the grid — under locational
marginal pricing, at least. For example, in Sacramento, the 2022 price series only showed lower power
prices than the NB marginal cost in 12% and 26% of the intervals for UO; and TRISO fuels, respectively.
Third, not all types of grid revenue have been considered, e.g., the NBs can likely also claim black start
payments and Kopp et al. [59] found that participating in the control reserve market was most profitable
for a power-to-gas plant in Germany. Finally, no calculations have been made regarding the effect of
buying electricity, the cost of a connection, the impact of electrolyzer switching on degradation, etc.

Finally, note that this discussion does not consider any grid participation revenue for electrolysis with
grid electricity. Such a project could, e.g., participate in demand response programs and minimize
electricity costs by avoiding operation in times of high prices. The latter option was investigated by
Nguyen et al. [55] and was found to lower electricity costs by up to 30% in CA.
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4.10. Production cost comparison and discussion

Figure 67 shows the LCOE of the NBs used in a community-scale facility (of roughly 60 MWe) and the
LCOE of the single NB used for on-site energy generation as well as the projected wholesale and retail
electricity prices in CA by 2030. Clearly, the LCOE of the NBs is far higher than the wholesale electricity
price. However, by avoiding the bulk of the transmission and distribution costs through colocation, the
NBs are able to provide electricity at a competitive price (i.e., below the average retail price) in the
community-scale facility as well as for the two-NB distributed project - although only with IRA
subsidies. Thus, using NBs to supply the energy for electrolysis is cheaper than buying electricity from
the grid for community-scale production, as is also reflected in the lower LCOH2 when using NBs, Figure
68.

Vickers et al. [9] estimate the cost of hydrogen produced using solar in CA to be 6.18 - 6.79 $/kg (inflated
from 2020 USD) for a facility of comparable size to the on-site NB projects of this work. Adjusted for IRA
subsidies, the LCOH2 with solar is then 3.2 - 3.8 $/kg, which is similar to my cost estimate for
community-scale SOEC electrolysis with NBs (3.7 $/kg). However, the production costs remain higher
than those of large-scale, centralized plants such as traditional nuclear power plants (as shown in Section
4.5.1) or steam methane reforming with carbon capture, whose cost is estimated at 1.70 — 2.60 $/kg in
the literature — Refs. [3], [8] inflated to 2022 USD. Thus, the community-scale project appears competitive
with the solar projects but not with centralized plants. However, this comparison is wrong because it
directly compares the production cost of technologies that feed into different layers of the hydrogen
infrastructure. Accounting for the transmission and distribution costs, the community-scale NB project
can be competitive with centralized methane reforming but not with the distributed solar project — more
information in Section 5.6.

The economics of distributed production are worse, due to the lack of scaling of the NB O&M costs with
the NB power resulting in a higher cost compared to using grid electricity, Figure 69. The NB capital and
fuel costs, on the other hand, remain insensitive to the scale at which power is produced — which is a
direct result from using normalized capital and fuel costs in the model.
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Figure 67 Comparison of the LCOE for electricity production with NOAK NBs on a community-scale and for a single NB to
the projected 2030 wholesale electricity price in CA (green) and retail price (grey) [7]
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Figure 68 Comparison of the lowest LCOH2 estimates for community-scale production with different technologies, the
LCOH2 is broken up in two columns for each case to show share of the levelized cost of the electrolyzers versus energy and to
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Figure 69 Comparison of the lowest LCOH2 estimates for distributed production with different technologies, the LCOH2 is
broken up in two columns for each case to show share of the levelized cost of the electrolyzers versus energy and to show the
distribution between the levelized costs of capital, O&M, and fuel

A higher production capacity helps to reduce the large share of the fixed cost significantly: the addition
of a second NB results in a similar LCOH2 compared to using grid electricity for PEM and a lower LCOH2
for SOEC, Figure 69. Such a capacity would be too high for a single station, but is conceivable for coupled
stations or by coproducing hydrogen/electricity for other means. As discussed in Section 4.8, however,
the benefit of adding more NBs plateaus rather quickly and at high capacity it is likely that larger-scale
technologies will be more cost effective due to economies of scale. So, the optimal number of NBs is
expected to be only a handful.

Still, my results for distributed production paint a more pessimistic picture for NBs than the work of
Pham et al. [13], who find that small modular reactors and NBs can result in substantial cost savings
over using grid electricity with centralized energy production. A first reason for the discrepancy is the
optimistic assumed cost of their decentralized nuclear assets, which is around 2600 $/kWe. At capital
costs that are more representative for NBs (i.e., 5200 $/kWe), they no longer see such widespread use of
decentralized nuclear power. Also, the availability of such cheap nuclear power is not taken into account
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in their competing scenario - i.e., using grid electricity. Both of these assumptions make the use of NBs
more attractive. On the other hand, in this study, the advantage of being able to use NBs in areas with
a congested grid or in remote locations is not utilized, which makes the use of NBs look worse.

Much like the benefit of colocation resulted in a competitive electricity cost compared to the retail price,
it must be investigated whether the on-site hydrogen production with NBs results in more attractive at-
the-pump hydrogen costs — especially in light of the immense hydrogen transport and dispensing costs
(14.4 - 15.6 $/kg in 2017 [5]). The large spread in hydrogen transport and storage cost estimates - e.g.,
2.4 - 12.5 $/kg depending on market volume and technology [60] - shows that these costs should be
estimated on a case-by-case basis. To this end, a hydrogen storage and transport cost model is developed
in Section 5.

Participation of the NBs in the electricity market was partly examined and does not seem worthwhile
based on my rudimentary analysis. Due to the relatively high marginal cost of electricity for the NBs, it
will often be more economical to buy electricity from the grid leading to less frequent NB operation,
which drives up the levelized costs. It is expected — but not calculated — that the revenue from the
capacity payments or electricity sales will be insufficient to counteract the lowered capacity factor of the
NBs due to buying electricity at low prices.

However, one has to keep in mind that there are other potential revenue streams resulting from grid
participation that were not examined - e.g., black start payments or participating in the reserve market.
In addition, the optimization of hydrogen production versus electricity selling was basic and did not
include an analysis of buying electricity. More detailed analyses with appropriate cost allocation might
find different conclusions. So, one cannot yet decisively rule out the benefit of grid participation based
on my analysis.

The high levelized O&M costs in distributed production are mainly driven by the cost of on-site armed
guards and as a result, the on-site guard requirement determines the extent to which the facility size
affects the LCOE/LCOH2, as shown in Section 4.8. For now, it remains uncertain how many guards the
regulator will demand - if any. What is clear, though, is that this regulation will greatly impact the
economics of distributed production using NBs. For example, both the number of personnel present and
their compensation has been estimated higher in this study than in the economic analysis of the INL
[20], which result in a twice-as-large levelized O&M cost. Note other site-specific costs — e.g., a part of
the licensing cost — will have similar effects.

Another way in which policy will significantly impact the economics of using NBs, is in the IRA subsidies
— or similar low-carbon technology stimulation bills. The IRA subsidies can lower the LCOH2 by roughly
30 - 50% (Figure 68 and Figure 69), with the clean hydrogen PTC being most influential. The emissions
accounting for these PTCs will thus have a large impact on the competitiveness of the NBs with other
technologies. In particular the competitiveness with solar and wind, who get a clear advantage in the
default emissions accounting of the GREET model. One of the many grey areas in this sense is the
emissions accounting of grid electricity, and by extension, the eligibility of electrolysis using grid
electricity for hydrogen PTCs. In case such projects are not eligible, the distributed hydrogen production
using NBs is the lower cost option, Figure 69.
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Figure 70 Comparison of the lowest LCOH2 estimates for community-scale production with NOAK and FOAK NBs, the
LCOH2 is broken up in two columns for each case to show share of the levelized cost of the electrolyzers versus energy and to
show the distribution between the levelized costs of capital, O&M, and fuel

Most NB designs under commercial development use TRISO fuels, which offer advantages like enhanced
safety and higher burnup — which reduces fuel consumption. On the flipside, the fuel is more expensive
and increases the LCOE by 14 $/MWh. The increase in LCOE is partially offset by the ability to claim
the full hydrogen PTC in all cases, as the higher burnup and lower fuel need results in less overall lifecycle
emissions. TRISO fuel makes the project's cost more sensitive to fabrication costs (needing a significant
reduction for cost parity with UO,) but less sensitive to enrichment and uranium costs, enhancing
resilience against uranium price fluctuations. The 0.2 - 0.6 $/kg cost increase when using TRISO fuels is
small enough to leave all conclusions so far unchanged, as can be seen in Figure 68.

While using some of the high-temperature heat of the NBs in SOEC electrolysis offers cost savings, it's
partly offset by the higher electrolyzer cost. A more attractive option is using NBs solely for high-
temperature heat in processes like SMR — or in a hydrogen, electricity, and heat polygeneration system
as envisioned by Genovese et al. [61]. However, with McKinsey's projection of natural gas prices
remaining below $2.8 per MMBTU ($9.56/MWh) until 2030 [62], the NBs with an LCOH of around
$45/MWh may struggle to compete. Yet, it is crucial to remember that much of the value in NBs comes
from emission reduction, price stability, and standalone operation in remote areas.

Finally, due their higher capital cost, hydrogen produced with FOAK NBs has a far higher cost, Figure
70. In community-scale facilities using the better-suited SOEC electrolysis, the LCOH2 with NBs can
become comparable to the grid electricity benchmark. Still, it remains likely that NBs will see their first
application in situations with less economic pressure than hydrogen production, e.g., powering military
bases or mining sites. However, these results show the crucial importance of the economics of multiples
in determining the competitiveness of NBs.

Figure 68 and Figure 70 show the lowest cost outcomes of Monte Carlo simulations of many different
scenarios. The standard deviation is given alongside the averages to give an idea of the spread of the cost
distributions that result from the Monte Carlo simulations. However, these standard deviations are
misleading when estimating the LCOH2 differences. Simply comparing distributed PEM electrolysis with
one and two NBs in Figure 69 gives the impression that the difference between both is not at all
statistically significant. Importantly, such a comparison wrongly assumes that both distributions are
independent. Both cost models share the exact same cost structure and parameter input - they only
differ
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Figure 71 Boxplots of the LCOH2 difference distributions resulting from coupled Monte Carlo simulations. For each boxplot, one
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Figure 72 Boxplots of the LCOH2 difference distributions resulting from coupled Monte Carlo simulations. For each boxplot, one
assumption is changed compared to the reference, which is on-site production using PEM electrolyzers with a single UO2-fueled
NOAK NB and claiming mixed subsidies

in facility size. Thus, when sampling parameters in the Monte Carlo simulation, the same value should
be used in both models, and only then should LCOH2 differences be determined. Such LCOH2
differences resulting from Monte Carlo simulations with consistent sampling of shared parameters are
shown in Figure 71 and Figure 72.

In addition to supporting all previous conclusions, Figure 71 Figure 72 give valuable insight into the
spread of LCOH2 differences and the associated confidence. For example, TRISO fuels generally increase
the LCOH2 by up to 2 $/kg. However, they can also lead to cost savings of about 2 $/kg compared to
those cases where the UO>-fueled NBs cannot claim the full clean hydrogen PTCs, hence the long
downward tail of the LCOH2 difference distribution. Similarly, the downward tails in the LCOH2
differences when switching to SOEC or grid electricity stem from cases where the clean hydrogen PTCs
cannot be claimed in full with UO>-fueled NBs.
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As already mentioned a few times throughout the report, the hydrogen infrastructure adds an enormous
cost that overshadows the production cost — e.g., transport and dispensing cost about 14.4 — 15.6 $/kg in
2017 [5]. So, comparing the costs of hydrogen production in the semi-centralized and distributed fashion
in Section 4 is not sufficient, the hydrogen supply costs should be considered also, which is the aim of
this section. However, the goal is not to estimate the hydrogen handling cost for semi-centralized and
distributed production but the hydrogen handling cost difference between both cases.

Section 5.1 gives a brief introduction to the hydrogen supply chain in the context of vehicle refueling and
details what aspects are (not) included in the scope of the model. Section 5.2 describes the cost model
structure and discusses the analysis method. Next, the rudimentary hydrogen delivery and storage
model developed for the sizing of tanks is discussed in Section 5.3. The specific model input and results
for distributed and semi-centralized production are discussed in Sections 5.4 and 5.5, respectively. Finally,
Section 5.6 gives a comparison between the total hydrogen cost for both cases.

Importantly, the analysis only compares the two methods of decentralized production considered in this
study, i.e., semi-centralized production at a community-scale and on-site production. Consequently, it
does not estimate the hydrogen handling cost saving compared to other low-carbon hydrogen
production methods, such as large-scale centralized reformers with carbon capture or decentralized
intermittent sources such as solar projects. However, some comparative discussion with these
technologies is given at the end of Section 5.6.

5.1. Modeling scope

The hydrogen refueling infrastructure has many different steps with names similar to those used for grid
infrastructure, Figure 73. Much like electricity, hydrogen can be produced in a centralized or distributed
fashion. The large-scale centralized production hubs are generally far away from demand centers and
there is thus need for transport of large quantities of hydrogen over long distances. This step is referred
to as transmission and is generally done via pipelines after passing through a packaging (compression)

hub.

After transmission, the hydrogen arrives in a distribution terminal that is closer to the demand cluster
(e.g., a city), where is it temporarily stored before being sent into the distribution grid. Whereas the
transmission is always done via pipelines, distribution can occur through a smaller pipeline network or
with trucks carrying trailers of high-pressure gaseous hydrogen or liquefied hydrogen. In addition, the
storage in the distribution terminal can also be gaseous — in geological formations or pressure vessels —
or liquefied in cryogenic tanks.

In this work, only gaseous delivery is considered because DOE’s Hydrogen Strategy mentions it as the
most economical for short distances [17] and the community-scale NB facility is assumed to be close to
the demand. However, Reddi et al. [63] find that gaseous delivery is not economical at station capacities
above 500 kg/d [63]. Gaseous delivery may thus not be the most economical mode of distribution, which
could make the semi-centralized production scenario look unfairly worse.
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Figure 73 Components of the hydrogen supply chain. Figure adapted from Ref. [63] to show the scope in this work

The semi-centralized NB projects feed into the distribution terminal level, as shown in Figure 73.
Consequently, there are no transmission costs that need to be taken into account in my model. However,
the transmission costs should be considered when comparing the LCOH2 of the community-scale
projects to those of centralized plants, as will be done in Section 5.6.

There is a final step in the hydrogen refueling supply chain, namely the dispensing in the refueling
stations. Figure 74 shows the layout of a gaseous 700 bar refueling station. Gaseous hydrogen is either
produced on-site or delivered to the station by trucks — again, no liquefied hydrogen or pipeline delivery
is considered. When a full trailer gets delivered, the empty trailer is taken back. As a result, the trailer
itself acts as a storage tank for the station.

Next, the hydrogen pressurized to 950 bar in one step, or it is pressurized to 500 bar, after which it is
compressed to 900 bar by a booster compressor. For simplicity, only the direct compression is considered
in this work. After compression, the hydrogen must be precooled to -40 °C to avoid excessively high
temperatures while filling the car’s tank. This is done in a heat exchanger with an associated chiller unit.
Finally, a dispenser unit regulates the flow when filling by applying a varying amount of back pressure.

A fair comparison between the attractiveness of the semi-centralized versus distributed production must
be based on the cost of hydrogen delivered to the car, i.e., after taking all supply chain costs into account.
However, creating a cost model of the complete hydrogen delivery infrastructure is outside the scope of
this work. So instead, the focus is on the components that change the most between on-site and semi-
centralized production in an effort to estimate the cost difference, rather than trying to estimate the cost
itself accurately. For example, the chilling equipment and dispensers are not implemented in the model,
as they are not changed between on-site or semi-centralized production. Along the same reasoning, cost
items such as site work, licensing, safety equipment, etc. are not taken into account.
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Figure 75 Current costs associated with the different steps of the hydrogen supply chain. The costs are inflated to 2022 USD
from Refs. [64], [65]

Figure 75 shows the costs of the various steps in the hydrogen supply chain. Note that production is
assumed to be centralized in the figure. Distributed, on-site production can avoid the need for
distribution, potentially allowing for a 2.6 — 4.6 $/kg cost reduction compared to the semi-centralized
plant. The LCOH2 difference between semi-centralized and distributed production, on the other hand,
is about 3.8 $/kg for PEM, which lies within the range of possible cost savings. So, it is not immediately
clear whether distributed or semi-centralized production is more economical.

Adding to the uncertainty, hydrogen storage and transport estimates vary greatly in the literature - e.g.,
24 - 125 $/kg depending on market volume and technology [60] — with sometimes conflicting
conclusions and about the cost drivers. For example, Monforti et al. [66] find centralized production to
be most economical at low station capacities, whereas Brey et al. [67] mention that centralized
production is the norm for high station capacities. Thus, a simple, but case-specific, cost model for
hydrogen storage and delivery is developed in this work.
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5.2. Cost modeling methodology

In this section, the cost models for the non-production costs associated with the cases of Table 3 are
discussed. However, as mentioned in Section 5.1, the goal is not to model the cost of hydrogen
distribution and dispensing, rather it is to estimate the cost difference between the distribution and
dispensing costs for community-scale and on-site production. As a result, many cost items are not
included in the model. To remind the reader, this section will refer to the calculated costs as partial
levelized costs of hydrogen (pLCOH2).

Much like in Section 4.2, the pLCOH2 is split in different components, namely the levelized cost of
storage, compression, and trucking;:

pLCOH2 = pLCOH2s40r. + PLCOH2 comp. + PLCOH2 1y (18)

Each of these components is further subdivided into capital, O&M, and fuel/energy components:

pLCOHZX = pLCOHZX'Cap + pLCOHZX,O&M + pLCOHZX,fuel (19)

Initial capital costs (ICC) are again annualized using a capital recovery factor that is calculated based on
the discount rate () and asset lifetime (t). However, no decommissioning costs (or revenues) are taken
into account in the distribution cost model, so no sinking fund factors are needed. In addition, the
stations and production plants are assumed to run full-time in the model. The levelized capital costs thus
simply follow from multiplication of the capital cost with the capital recovery factor divided by the
hydrogen capacity (c).

¥, ICC; - CRF
c

pLCOH2y cqp = (20)

As a result of the 100% capacity factors of the stations, there is no distinction between fixed and variable
O&M costs, so the pLCOH2x pgu is just the division of the yearly O&M costs by the hydrogen
dispensing capacity. Furthermore, there is no up front payment for the fuel costs, nor any fuel disposal
costs as there were in the case of nuclear fuel in Section 4.2. So, the pLCOH 2y f,¢; also follows from
simply dividing the annual fuel costs by the hydrogen throughput.

Besides the breakdown of the pLCOH2 into the components related to the type of technology — storage,
compression, trucking — the pLCOH2 is also split into the levelized cost of packaging (at the distribution
terminal), distribution, and dispensing. Of course, there will be only dispensing costs for on-site
production and the trucking and distribution costs are equal in my model, as only trucking is considered
for distribution.

Again, Monte Carlo simulations are performed to account for the uncertainty in the cost estimates
simultaneously. Yet in this section, the simulations use 5 000 samples because of the increased model
complexity and run times — in contrast to the Monte Carlo simulations of Section 4 that used 50 000
samples. The results are reported in the same manner, though, as p + o [m, M] where u is the average
of the distribution, o the standard deviation, m the minimum, and M the maximum. In addition,
sensitivity analyses are performed where all parameters but one are fixed, with the remaining parameter
being varied by + 30% of their original value. Moreover, cost estimates from external sources are again
adjusted for inflation using the US Bureau of Economic Analysis implicit price deflators for gross
domestic product [26]. Thus, all costs reported here are given in Q2 2022 USD.
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5.3. Modeling the storage and transport of hydrogen

As discussed in Section 5.1, the scope is limited to gaseous hydrogen transport and storage with a single
compression step in the refueling station. And even in this limited scope, not all components of the
hydrogen infrastructure are modeled. In fact, only the compressors, trucks, and main storage tanks are
accounted for in the model because the compressor and tank costs make up the majority of the levelized
cost of refueling anyways [68]. Figure 76 shows the components considered in the distributed model. A
medium-pressure tank could be used as a buffer to lower the need for high-pressure storage — with the
added cost of needing another compressor [63]. For simplicity, this configuration is not considered.

The storage requirements for a refueling station with on-site production will be different to those for a
station that gets hydrogen delivered to it. So, a Gurobi [69] model of the storage and delivery is made
for both scenarios to estimate the difference in storage needs. This model solves for the mass in all tanks
for each hour and aims to find the minimal tank capacity that still allows the station to meet demand
with a 10% margin. In order to do so in a physical manner, constraints must be specified, which will be
outlined below.

Starting with the simple on-site model, there is no leakage accounted for in the model, so it is clear that
mass must be conserved in the tank:

Mi+1 = Mi + At . (P - DL) (2])

Where M; is the mass at hour i, D; is the hydrogen demand in hour i, and P is the hydrogen production
rate — which is assumed to be constant. Note that At is fixed at one hour in both models, but written for
completeness. Of course, the stored mass cannot exceed the tank capacity at any time:

M;<C (22)

There is also a lower limit on the tank mass as the pressure in the tank cannot get arbitrarily low. The
lower limit follows from the tank capacity through the ratio of the minimum and maximum allowed
pressure:

M;>C- (@) (23)

P max

Finally, the model allows to specify a buffer margin B separate from the 10% margin mentioned before,
such that the B percent of the minimal needed capacity is kept full at all times:

1
M; = C - finin where finin = 1,100 (24)
B
For a given demand (and production) profile, the above constraints allow to find the time evolution of
the mass stored in the tanks and by extension, allow to find the tank capacities. The demand profiles are
made using hour-to-hour and day-to-day demand data for gasoline stations reported in the work of

Mintz et al. [70].
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Figure 77 Demand profile used in the sensitivity analyses of the transport and storage model with distributed production

Samuelsen et al. [71] show that the demand profiles can substantially affect the LCOH2. So, the profiles
are varied in the Monte Carlo analyses by adding random noise to the Mintz et al. base profiles and the
average daily demand is varied between each sample. For the sensitivity analyses, on the other hand, the
added noise is kept constant and only the average daily demand is varied. Figure 77 shows a demand
profile used for the on-site model.

For simplicity, the production profile is constant and equal to the average demand over the entire model
horizon to avoid drift in the tank levels over time due to over-/underproduction. Furthermore, seasonal
variation in hydrogen demand and plant outages are not taken into account.
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Moving on to the model for semi-centralized production with trucking delivery, the model becomes more
complex, Figure 78. The semi-centralized plant in the models of Section 4 has a capacity of 25 000 kg/d,
which can serve many stations. So, instead of modeling the delivery of the entire output, only five
stations are considered, which have a cumulative demand of 4900 kg/d — about a fifth of the facility
output. More specifically, there are three stations with a 1100 kg/d capacity, one with a 900 kg/d capacity,
and one with a 700 kg/d capacity. The capacities are chosen to correspond to the gaseous hydrogen
trailer capacities used in the HDSAM model [72]. As a result, each station needs one truck delivery per
day. In the Monte Carlo, simulations, the station capacity can be lowered, in which case there is still one
truck delivery per day but with a partially filled trailer. This is done to reduce the model complexity.

So, there are five refueling stations (indexed 1 to 5) as well as the production plant (index 0). These have
different constraints because the plant has constant hydrogen production and sees demand in the form
of trucks being filled, whereas the stations are subjected a varying demand profile with hydrogen
brought in at specific delivery times. For the central plant, the conservation of mass constraint for the
tank looks as follows:

TC;
MO,i+1 = MO,i + At - (P - Z '.X'p i A_t;-> (25)
]

Again, M ; denotes the mass at hour i, P is the constant production rate, and At is constant at one hour.
The demand term comes from the filling of truck with capacity TC; over a fixed filling time Atf of three
hours. However, a truck j can, of course, only be filled if it is at the plant. This is denoted by the binary
value x,, j;, which is one if truck j is at the plant in hour i and is zero otherwise.
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Besides the conservation of mass, the system has to abide by the constraints set by the maximum and
minimum levels, as well as the buffer margin (if specified):

My; < Cy (26)
P -
Mo’i 2 CO * < mm,p) (27)
Pmax,p
1
My; = Cy * fmin Where fpn = 14100 (28)
B

The conservation of mass looks different for the storage tanks of the refueling stations:
Mj,i+1 = Mj,i + At . (6(1 - tdel) : TC] - Dj,i) (29)

Where At, and TC; have the same meaning as before and D; ; is the hydrogen demand at station j in
hour i. However, M;; does not represent the hydrogen mass in the storage tanks, but the mass in the
tanks andtrailer. This is done such that mass flows between the trailer and high-pressure storage tanks
do not need to be modeled. The §(i — t ,;) function is one at the times of delivery and is zero otherwise.
Thus, the product §(i — tge;) - TCj represents the influx of mass when a full trailer arrives.

As a result of combining the hydrogen stored in the high-pressure tanks and in the trailer, the maximum
capacity constraint on M;; is now time dependent:

Mj,i < C] + ij,i . TCJ (30)

Xs ji is a binary value that represents when a trailer is available in the station. Once more, there is a

lower withdrawal limit set by the minimum allowable pressure in the tanks and the user can specify a
buffer margin:

Pmin,t
M = G- ( @31
max,s
1
Mj; 2 Cj - finin Where fryin = 14100 (32)
B

Note that the pressure limits for the high-pressure tanks of the refueling station are different to those
of the distribution terminal because storage in the terminal is at lower pressure.

The demand profiles D;; (Figure 79) are generated in the same way as for the on-site model - i.e., by
adding random noise to the average profiles reported by Mintz et al. [70] — and they are varied in the
same way during Monte Carlo simulations and sensitivity analyses. Furthermore, the production is again
assumed to be constant and equal to total consumption to avoid drift in the hydrogen mass over time.

Optimizing the trucking network is a complex challenge that is outside the scope of this work. However,
an inefficient trucking schedule - e.g., all trucks being filled simultaneously at the plant — will inflate
distribution costs. So, the filling and delivery schedules of the trucks are cherry-picked as an
approximation of schedule optimization. More specifically, the filling of the trucks is spread evenly
throughout the day, Figure 80, which reduces the storage requirements at the semi-centralized plant
considerably.
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the truck is at the production plant being replaced with a new one and is hence unavailable

In addition, for each refueling station, the delivery times are fixed at 6 AM — just before the morning
demand peak — to lower the storage requirements on the station side. Furthermore, the model assumes
that decoupling an old trailer and installing a new one takes one hour. So, after delivery, x; j; dips to

zero for one hour in all stations, Figure 81.

As a final simplification, the driving times to each refueling station are constant for each station and
shown (in units of hours) in Figure 78. Note that the driving times are rather short because the

community-scale facility is assumed to be close to demand centers.
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5.4. Distributed production

The cost assumptions and results of the storage and dispensing cost model for on-site production are
discussed in this section. Table 13 lists the ranges used in Monte Carlo simulations and much like in the
tables of Section 4, the parameter is fixed when only the mode is given, it has a uniform distribution
when the minimum and maximum are given, and it has a triangular distribution if the minimum, mode,
and maximum are given.

Table 13 Model assumptions for on-site hydrogen production using NBs

Parameter Unit Min Mode Max Source
Discount rate % 2 6 12

Avg. daily demand kg/d 1440 1600 1760 (6]
High-pressure tank $/kg 2335 2919 3502 [72]
Tank O&M J6CAPEX 0.8 1 1.2 [72], [73]
Tank lifetime y 12 15 18 [72]
LCOE $/MWh 126 192 277

Pmin bar 40 [35]
Pmax bar 969 [72]
Compressor O&M J0CAPEX 32 4 4.8 [72]
Compressor lifetime y 12 15 18 [72]

To be consistent with the work of Section 4, the same discount rate distribution is used and the average
daily demand matches the output of the distributed production units - i.e., 1600 kg/d. Although, in
contrast to Section 4, the daily output is also varied in the Monte Carlo simulations — rather than in the
sensitivity analyses only. The difference between the highest and lowest average daily station demands
reported by Mintz et al. [70] is 15.6%. Because the daily demand in my model represents a monthly
average, it is assumed to be less volatile. Hence, only a 10% variation from the mode is used. Note that
while the discount rate and capacity are consistent with the distributed production projects of Section
4, the component lifetimes in this section do not match the lifetime of those projects.

Our model is heavily based on the cost assumptions used in the HDSAM model [72], with about half of
the parameters having their mode based on the HDSAM assumptions with a 20% deviation for the width
of the distribution: the tank capital cost, tank O&M fractions, compressor lifetime and compressor O&M
fraction. In addition, the compressor capital cost is calculated using the HDSAM correlation for 700 bar
refueling station compressors:

CAPEX [2013$] = 1.3 -40035 - (Nyorking  Mbackup) * M R0-6038 (33)
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Figure 82 The mass of hydrogen stored in the station’s tank as a function of time throughout the month when the station is
subjected to the reference profile of used in sensitivity analyses

Where MR is the rating of the compressor motor. The calculation of MR assumes an isentropic efficiency
of 75%, a motor efficiency of 94%, and motor safety factor of 1.1. The factor 1.3 is an installation factor
and the number of working and backup compressors are two and one, respectively. Again, all these
assumptions are in line with the HDSAM model [72].

Furthermore, the LCOE distribution is derived from Monte Carlo simulations of the LCOE for a single
UO;-fueled NB claiming an ITC. And finally, minimum pressure — which is the electrolyzer operating
pressure — is taken in the midrange of operating pressures of commercial electrolyzers listed by Buttler
et al. [35], and the maximum pressure follows from the tank pressure limits used in the HDSAM model
[72].

Figure 82 shows the mass in the refueling station tank for the base demand profile that is used in the
sensitivity analyses (Figure 77). Of course, there are clear daily swings in the tank levels, but there are
also significant drifts occurring over multiple days as a result of sustained high/low demand. Note that
the y-axis does not start at 0 kg because the tank is never drawn down that far, which is a direct result
of specifying a buffer margin (see Section 5.3). A 10% margin is used because the model also assumes up
to 10% variation in daily demand averaged over the entire month.

Monte Carlo simulations result in an average tank capacity of 1181 + 147 [814, 1911] kg. The tank
capacity associated with Figure 82, however, is 1229 kg, which is on the higher end due to the period of
low demand, as this increases the tank levels under constant production. In reality, the production could
be ramped down in periods of low demand, which would allow to lower the tank size. Of course, the
decrease in tank sizing has to be balanced against lowered production. Another simplification that
inflates the tank costs, is that the model only uses high-pressure tanks.

Figure 83 shows the cost breakdown of the pLCOH2 over the different components. Overall, the pLCOH2
is low at 1.63 + 0.18 [1.10, 2.37] $/kg, with the capital costs making up the lion share (66%), followed by
the energy cost of the compressors (20%). Note that the spread in pLCOH2 values is about 1.5 $/kg which
is much lower than the uncertainties related to the production costs of Sections 4.4 to 4.6. The breakdown
between packaging, distribution, and dispensing is trivial in this case, as there are only dispensing costs.
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Additionally, the compressors are the more expensive component, although the pLCOH2 is split
relatively evenly between the tank and compressor. As mentioned before, there are reasons that point to
an overestimation of the tank costs, so it is expected that the compressor costs will dominate over the
tank cost, as it does in a study by Reddi et al. [64] and in calculations for gaseous delivery networks
performed with the HDSAM model. However, comparing the cost breakdown to literature is rather
complicated as this scenario is tailor-made to the needs of this study. Instead, the results of the more
traditional model of semi-centralized production will be compared to other studies in Section 5.5.

Four out of the five most influential parameters are related to the capital costs, Figure 84, which is
unsurprising given the 66% share of the capital costs. Note that the compressor capital cost does not
show up in the sensitivity analysis because the cost correlation of Equation (33) is kept constant in the
model. Hence, the tank parameters show up as the most influential, even though the tank costs make
up a smaller share of the pLCOH2 than the compressor cost. However, the high energy intensity of the
compression — accounting for 20% of the pLCOH2 - leads to a sizable impact of the LCOE.

Surprisingly, the station capacity — i.e., the daily demand — does not have a large influence on the
pLCOH2, in contrast, many studies find that increasing the station capacity significantly decreases the
cost of refueling [18], [64], [74], [75], [76]. Yet, this is a direct result of neglecting many fixed costs that
are shared between stations supplied by semi-centralized or on-site production in the calculation of the
pLCOH2.
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5.5. Community-scale production

This section discusses the cost assumptions and results of the storage and dispensing cost model for
semi-centralized production. Table 14 lists the ranges used in Monte Carlo simulations, where again, the
parameter is fixed when only the mode is given, it has a uniform distribution when the minimum and
maximum are given, and it has a triangular distribution if the minimum, mode, and maximum are given.

As mentioned in Section 5.3, the demands are linked to the truck capacities such that there is one delivery
per day. As a result, the distributions of the daily demands are capped at this maximum trucking
capacity, and the distributions are no longer triangular, instead leaning toward keeping this maximum
capacity. There is still potential for lower capacities, with up to a 10% deviation of the mean, in
accordance with the demand variation assumptions of Section 5.4. Note that the truck capacity limit is
also imposed in the sensitivity analyses.

Table 14 Model assumptions for community-scale hydrogen production with gaseous truck delivery

Parameter Unit Min Mode Max Source
Discount rate % 2 6 12

Avg. daily demand st. 1 kg/d 990 1100 1100

Avg. daily demand st. 2 kg/d 990 1100 1100

Avg. daily demand st. 3 kg/d 990 1100 1100

Avg. daily demand st. 4 kg/d 810 900 900

Avg. daily demand st. 5 kg/d 630 700 700
High-pressure tank $/kg 2335 2919 3502 [72]
Medium-pressure tank $/kg 1557 1946 2335 [72]
Tank O&M J0CAPEX 0.8 1 1.2 [72], [73]
Tank lifetime y 12 15 18 [72]
LCOE plant $/MWh 83 119 175

LCOE station $/MWh 162 184 200 (7]
Prmin, plant bar 40 [35]
Prmax, plant bar 405.3 [72]
Pmin, station bar 50.7 [72]
Pmax, station bar 969 [72]
Compressor O&M J0CAPEX 32 4 4.8 [72]
Compressor lifetime y 12 15 18 [72]
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Tractor cost k$ 113 140 169 [72]
Tractor lifetime y 4 5 6 [72]
250 bar trailer k$ 518 647 777 [72]
350 bar trailer k$ 644 805 966 [72]
540 bar trailer k$ 1117 1396 1675 [72]
Trailer lifetime y 16 20 24 [72]
Fuel cost $/1 0.72 0.90 1.08 [72]
Driver rate $/h 20 25 29 [72]
Truck loading infra- k$ 56 70 84 [72]
structure

The cost of the high-pressure tanks used in the refueling stations is equal to that discussed in Section
5.4, as they have the same pressure rating. However, the storage tank in the production plant is assumed
to be at a lower pressure and uses the HDSAM cost data for 350 bar cascade storage tanks. The lifetime
and fractional O&M cost of both types of tanks are taken to be the same, though.

Compression at the production plant is powered by the NBs and thus, the LCOE distribution at the plant
is taken from a Monte Carlo simulation of the LCOE for semi-centralized production with UO,-fueled
NBs claiming an ITC. The stations, on the other hand, will draw power from the grid. So, the LCOE there
is based on the cost projections for the Californian electricity rates by Marshall [7].

Again, the operating pressure of the electrolyzers is considered the minimum pressure in the production
loop and the maximum pressures are taken from the pressure limits in the HDSAM model. The lower
pressure limit of the refueling stations is now set by the minimum pressure in the tube trailers (50 atm
(72)).

A different compressor cost function is used for the plant compressors because the plant storage tank is
at lower pressure:

CAPEX [2013$] = 1.3 - 40528 (Nyorking + Mpackup) - MR*63 (34)

Where MR is the rating of the compressor motor. Now, the calculation of MR assumes an isentropic
efficiency of 88% in contrast to 75% used for the refueling station compressors. All other parameters are
the same as for the refueling station compressors, i.e., a motor efficiency of 94%, motor safety factor of
1.1, two working compressors, and one backup. Additionally, there are compressors to fill the trucks at
the plant, their costs are calculated with the same assumptions with the exception of the number of
compressors, as there are only 4+1 loading compressors for the four loading bays at the plant.
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Figure 85 The mass of hydrogen stored in the tanks as a function of time throughout a single week when the station is
subjected to the reference profile of used in sensitivity analyses. The dashed line indicates which moments define the station
tank capacity

For the trucking cost, the tractor and trailer are treated separately, because they have different lifetimes
and the trailer pressure rating determines its cost. Additionally, the pressure rating dictates its capacity
with the 250 bar, 350 bar, and 540 bar trailers having a maximum capacity of 700 kg, 900 kg, 1100kg,
respectively. As a result of the different pressure levels of the trailers, varying amounts of compressive
work will be needed to fill them and possibly even different compressors. However, this is neglected in
the model and all loading bays are treated the same. Besides the loading bays, the cost of truck scales
and administrative buildings is included in the truck loading infrastructure.

Note that again, many of the parameters have their mode taken from the HDSAM model with a 20%
deviation for the minimum and maximum of the distribution.

The hydrogen mass stored at the production plant in the scenario with the demand profiles of Figure 79
is shown in Figure 85. A first thing to note is that there are no irregularities in the level over time, which
is a result from the regular truck filling schedule combined with the flat production profile. Additionally,
the uniformly spaced-out filling of the trucks lowers the storage requirements significantly, resulting in
a relatively low average capacity of 761 + 30 [646, 859] kg even though the total demand shows day-to-
day large variations, Figure 79.

A first thing to note from the refueling station mass levels (Figure 85) is that they show sudden upward
peaks. These peaks are a direct result of tracking both the mass in the station tank and trailer, and they
occur when a new trailer is brought to the station. The tanks are thus not sized based on the height of
the peaks in Figure 85, but based on the lows, as they occur at the time that the trailer is empty or
unavailable due to being switched for a new one — these moments are highlighted by the dashed line.

Again, the trailers help relieve some of the storage requirements by acting as mobile tanks, as evidenced
by the far lower station tank capacities, e.g., 420 + 91 [174, 914] kg for the 1100 kg/d station — compared
to 1181 kg for the station with on-site production. A high-pressure tank capacity of around 400 kg is
similar to the size of high-pressure tanks the HDSAM model for a station with the same capacity.
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However, the HDSAM model assumes two trailers are present at gaseous stations. Using two trailers in
my model negates the need for any high-pressure storage. So, the high-pressure tanks of HDSAM model
are likely not sized based on storage capacity considerations as is done here.

As expected, the pLCOH2 of storage and delivery is higher than in the case with on-site production at
2.78 £ 0.27 [2.10, 3.64] $/kg versus 1.63 $/kg. The component-wise cost breakdown is shown in Figure 86.
Much like was the case for on-site production, the compressor makes up the largest share of the levelized
storage and dispensing cost — a result also seen by Reddi et al. [64].

For a gaseous refueling station of similar size (1000 kg/d), Reddi et al. [64] estimate the levelized cost of
compression and storage to be 2.21 $/kg, which is higher than my 1.44 $/kg. Two reasons that help explain
the cost difference are: my model does not account for up-front overhead costs such as engineering and
design, and they use different financial assumptions — namely, a higher discount rate as well as a ramp-
up of the station capacity, both of which increase the levelized costs. Additionally, my results show a
higher relative fuel cost for compression due to the simplifying assumption that compression always
occurs from the minimal to maximal pressure, while Bartolucci et al. [74] show that pressure cascades
can have a significant impact on the compressor energy use.

Furthermore, Reddit et al. [64] report a levelized tank cost of 0.27 $/kg, which is in the same ballpark as
my 0.39 $/kg for the station tanks. Our higher cost is not unexpected as all storage occurs at in high-
pressure tanks with slight oversizing compared to the HDSAM model — which they use as the basis of
their study. Note that the tank costs have come down 31% compared to the on-site model due to the
trailers taking on some of the storage needs.

Finally, the 0.86 $/kg trucking costs are in line with the findings of Refs. [67], [77]. So, my simplified
model provides reasonable ballpark cost estimates for all three components.

Figure 87 shows the cost breakdown over the different steps in the hydrogen supply chain. The
dispensing cost is the highest at 1.4 $/kg, which is still relatively close to the cost of dispensing with on-
site production of 1.63 $/kg. The distribution (trucking) cost is about 1.0 $/kg and the pLCOH2 of
packaging at the plant is low at about 0.5 $/kg.
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Figure 88 Tornado chart for the pLCOH2 (in $/kg) in a semi-centralized production scheme

Again, the dominance of the capital costs is also reflected in the sensitivity analysis, Figure 88, with the
discount rate, component lifetimes, and tank/trailer capital costs being the most influential parameters.
Once more, the compressor capital cost does not show up in the sensitivity analysis as the correlations
and their parameters remain unchanged in the model. The compressor fuel cost does show, though, in
the form of the LCOE sensitivities. Note that the LCOE at the stations is far more impactful than the
LCOE at the plant because at the plant the compressors do not need to reach as high pressures.

Overall, the tank cost parameters have lost importance compared to the on-site production case, and the
compressor and trucking parameters have gained importance. Note that the production plant tank cost
(“plant tank capex”) has a limited impact on the pLCOH2, so the optimistic assumption of a uniform
truck filling schedule likely does not affect the results much.

Finally, note the upward limit on the station capacities to prevent the stations from needing more than
one delivery per day. As a result, there is a skewed influence between increases and decreases in the
capacity. Overall, their effect is again rather limited because many of the fixed costs associated with
hydrogen storage, transport, and refueling have been left out of the model.



5. Partial hydrogen storage, distribution, and dispensing costs

3.5 +  Min 351 ° s Min
] Max ® Max
3.0 EEE Capital 3.01 B Capital
25 O&M 25 osm
° B Electricity I Electricity
220 9201 |
& E .
—15 1.54
. . M-
1. .01
° =] - . ==
Total Tank Compressor Total Tank Compressor Truck
Figure 89 Component-wise pLCOH2 breakdown for Figure 90 Component-wise pLCOH2 breakdown for semi-
distributed production resulting from a MC simulation centralized production resulting from a MC simulation with 5000
with 5000 samples samples

5.6. Total hydrogen cost comparison and discussion

In this section, the production cost results are combined with the storage and delivery costs to evaluate
the total cost differences between distributed and semi-centralized production between NBs. While the
term “total” hydrogen cost is used here to refer to the sum of both costs, the reader is reminded that the
storage costs are partial costs, as discussed in Section 5.2.

A noticeable difference when comparing the pLCOH2 breakdown for the on-site and semi-centralized
cases, is the 31% lower tank cost with semi-centralized production (Figure 89 and Figure 90), which is a
result of the trailers acting as mobile tanks. Comparing the costs breakdown in terms of supply chain
steps shows that the partial dispensing costs of both cases are quite similar, Figure 91.

As mentioned in Section 4.10, the cost difference between cases with shared cost parameters cannot be
determined by comparing their respective distributions directly. Instead, a new Monte Carlo simulation
is run where the shared cost parameters (e.g., station tank cost) are varied identically. The resulting
pLCOH2 difference is relatively small at 1.14 + 0.17 [0.59, 1.73] $/kg. Note that the on-site production is
disadvantaged in this comparison because my model is unable to account for economies of scale as it
does not consider fixed costs, as discussed in Section 5.3. With the inclusion of economies of the cost
difference is expected to grow.

The production costs by far dominate the pLCOH2, Figure 91. However, they will not necessarily make
up the lion share if the full transport, storage and dispensing costs are considered. For PEM electrolysis,
the LCOH2 difference between the lowest cost options for on-site production and semi-centralized
production found in Section 4.5 is 3.80 $/kg, which is larger than the storage, transport and dispensing
cost difference of 1.14 $/kg. As a result, semi-centralized production is the cheaper option compared to
on-site production with a total hydrogen cost difference of 2.64 + 1.22 [-0.50, 7.14] $/kg, Figure 92.
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Figure 92 Box plots of the total LCOH2 difference between semi-centralized and distributed production as determined from
Monte Carlo simulations with consistent sampling. Semi-centralized PEM/SOEC production is the reference for the
differences, with the labels denoting what type of distributed production is used

Semi-centralized production is cheaper than using on-site production with two NBs in 99% of the cases.
Yet, the cost difference has decreased to 1.73 £ 0.68 [-0.12, 4.63] $/kg, making the production cost increase
for on-site production with two NBs is similar to its 1.14 $/kg storage and delivery cost saving.
Unsurprisingly, then, there is no significant difference between on-site and semi-centralized production
anymore when comparing both on a total hydrogen cost basis — the difference between both is 0.59 +
0.70 [-1.21, 3.43] $/kg. Note that Monforti et al. [66] also find that on-site production becomes more
attractive at higher capacities due to economies-of-scale in their biomass gasification — however, the
capacities in their work are far lower than what is discussed here.

Our finding that semi-centralized production is cheaper than on-site production on a total hydrogen cost
basis depending on the on-site production capacity goes against the findings of Simunovic et al. [75]
who compare, amongst other paradigms, on-site production and semi-centralized production with wind
energy and find that on-site production is cheaper for all capacities. The discrepancy finds its origin in
the fact that the production costs for NB-powered facilities increase substantially at lower capacities,
and it again underscores the importance of case-by-case examination to compare hydrogen projects.
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Figure 93 Tornado chart of the total cost (in $/kg) model for Figure 94 Tornado chart of the total cost (in $/kg) model for
distributed PEM electrolysis with a single UO2-fueled NOAK semi-centralized PEM electrolysis with UO2-fueled NOAK
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Analogously, when using SOEC electrolysis, the large (3.91 $/kg) production cost between semi-
centralized and distributed production overschadows the storage and delivery cost difference, and semi-
centralized production is 2.75 + 1.20 [-0.43, 6.86] $/kg cheaper on a total hydrogen cost basis, Figure 92.
Moreover, the production cost difference when using two NBs for on-site production is again similar to
the delivery cost savings, thereby precluding any definitive conclusion on the cheaper option - the total
cost difference is 0.00 + 0.54 [-1.56, 2.23] $/kg.

Figure 93 and Figure 94 show the sensitivity analyses carried out on the total hydrogen cost models for
semi-centralized and distributed production using PEM and claiming mixed subsidies. Given that
production costs make up the majority of the total cost, it is no surprise to see that the NB cost
parameters are dominant. The 9 most influential parameters for semi-centralized production are related
to the production cost, and for distributed production, it is the 13 most influential parameters. In semi-
centralized production, there is also a higher upward LCOH2 potential than downward one, which is
mainly driven by the UO, burnup, thermal efficiency, and capacity factor.
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Figure 95 A schematic comparing the LCOH2 of the community-scale (“Semi-centr. NBs”) and distributed (“On-site”) NB
projects to those of competing technologies at the different levels of the hydrogen supply chain. The reforming production
costs come from Pinsky et al. [8], the transmission costs from André et al. [4], and the production cost using solar power from
Vickers et al. [9]. All costs are inflated to 2022 USD, and the solar LCOH2 is adjusted to account for the IRA clean hydrogen
PTC

As mentioned in Section 4.10, one should not directly compare the production cost of technologies that
feed into different levels of the hydrogen handling infrastructures, which made a comparison to other
low-carbon hydrogen projects difficult. The following discussion briefly highlights how the hydrogen
handling costs are expected to impact the competitiveness of the NB projects compared to on-site solar
in CA and centralized steam methane reforming with carbon capture. However, | emphasize once more
the importance of examining the hydrogen transport and storage costs on a case-by-case basis.

Using the calculated 1.14 $/kg hydrogen handling cost premium for community-scale production
compared to on-site production, the equivalent on-site production cost of the best-case community-scale
project becomes 4.8 $/kg, shown in Figure 95. This allows us to compare to the solar-powered PEM
projects in CA presented by Vickers et al. [9] — which have a 1500 kg/d capacity, comparable to my on-
site production projects. Adjusted for inflation and the clean hydrogen PTC, their hydrogen production
cost is 3.2 — 3.8 $/kg [9], meaning that the best-case community-scale NB project is not competitive with
its 4.8 $/kg equivalent production cost.

However, it should be noted that the cost estimate of Vickers et al. [9] does not include any battery or
tank storage to overcome the intermittency of solar power, either of which adds costs. Thus, in cases
where firm capacity is needed — or where solar power is not as cheap as in CA — the NBs could still be
competitive. Additionally, the NBs can reach a competitive on-site LCOH2 if the capacity of on-site
production can be increased, e.g., for industrial purposes.

A notable difference between the NB projects (on-site and community-scale) and centralized methane
reforming is that the latter requires hydrogen transmission using pipelines. As with all hydrogen
handling costs, the transmission cost will be highly case dependent. However, to give a ballpark number,
André et al. [4] estimate the pipeline delivery cost in France to range from 0.94 $/kg to 2.4 $/kg. Similarly,
a recent Deloitte study estimates the cost of hydrogen transmission in the US as 1.1 $/kg [65]. Adding
the transmission cost to the methane reforming production cost of 1.7 — 2.6 $/kg [8] results in a hydrogen
cost of 2.6 — 5.0 $/kg up to the distribution terminal. This cost should be used as a reference when
comparing to the community-scale NB projects, which directly feed into the distribution level. Thus, the
semi-centralized NB project with its 3.7 $/kg LCOH2 can be competitive with centralized methane
reforming when accounting for the transmission cost saving.
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In conclusion, the storage, transport and dispensing cost difference is not as large as expected based on
the immense total handling costs. As a result, the production costs are the predominant driver for cost
differences in the total hydrogen cost model, and the total hydrogen cost shows the largest sensitivity
to them. Our results indicate a preference for semi-centralized production, though this preference
disappears at higher on-site production capacities — two or more NBs on-site. Given the model’s many
simplifying assumptions and the multitude of neglected cost items in the pLCOH?2, it is premature to
decisively say whether semi-centralized or on-site production will always be the most economical.
Accounting for the estimated hydrogen handling cost premium, the NB projects are no longer
competitive compared to the production cost of on-site solar presented by Vickers et al. [9], although the
latter does not include the cost of storage to overcome intermittency of supply. On the other hand,
accounting for transmission cost differences, the community-scale NB project appears competitive
compared to methane reforming with carbon capture.
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This work presents a feasibility study for using NBs in hydrogen production on a community scale or
collocated with the customer. As part of the study, a set of requirements is developed for the NBs, which
is only discussed qualitatively. No technical requirements have been identified that are unique to
hydrogen production as opposed to electricity production for the grid, and it is thus expected that NBs
will be able to live up to the process specifications for electrolysis. However, the economic requirements
for the NB system are strict, as there will be fierce competition with other hydrogen production methods.

For this reason, simple levelized cost models have been developed to get preliminary cost estimates for
using NBs. Based on a review of hydrogen economy growth projections for CA, two hypothetical projects
are chosen: a community-scale facility producing hydrogen relatively close to the demand with an
average output of 25 000 kg/d, and a hydrogen fueling station having a capacity of 1600 kg/d with
hydrogen produced on-site. The community-scale facility needs about one dozen NBs to satisfy the
demand, whereas the on-site production is done with a single NB.

The results show that community-scale production can reach an LCOH2 of 3.7 $/kg, which beats buying
electricity from the grid at the forecasted price for CA. But, in distributed production, the economic
attractiveness of using NBs is lower due to the lack of scaling of the NB O&M costs. The least costly
distributed project uses SOEC and claims mixed IRA credits, resulting in an LCOH2 of 7.6 $/kg. Doubling
the facility capacity lowers the LCOH2 4.8 $/kg by diluting the large fixed O&M costs. In view of those
fixed costs, projects with a larger number of NBs will be more economical. Yet, projects with many NBs
- like the community-scale facility — compete with technologies that benefit from economies of scale.
So, projects with a handful of NBs (e.g., four) will likely be most economical.

Much like electricity production, hydrogen production is accompanied by large transmission and
distribution costs. So, a simple hydrogen storage and transport model was developed to evaluate the
benefit of local power production in the context of hydrogen production for refueling stations, which
allows us to estimate the storage, transport, and dispensing cost saving of on-site hydrogen production
compared to a community-scale facility. Importantly, the model only captures distribution cost savings
between the semi-centralized and distributed NB projects, and the results should not be extrapolated to
compare either project with other technologies.

The 1.1 $/kg distribution cost saving of on-site production is insufficient to offset the large production
cost increase that stems from the poor scaling of fixed O&M costs. For larger on-site production projects
with two NBs, the production cost increase compared to semi-centralized production roughly matches
the distribution cost saving of on-site production, resulting in similar costs at the refueling station.

However, the on-site production is disadvantaged due to the simplified transport and storage model
setup that negates many fixed costs, as its larger station capacity would result in lower levelized costs
compared to the smaller stations that are refueled via truck delivery. Consequently, the storage and
transport cost savings associated with distributed production will be underestimated — even more so for
the large double-capacity stations with two NBs. This makes it difficult to crown either semi-centralized
or distributed production as the cheapest option based on my rudimentary model. Yet, the results clearly
show the importance of case-by-case modeling for hydrogen handling costs, as the 1.1 $/kg distribution
cost saving is far lower the current distribution costs.
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The calculated hydrogen distribution cost premium of community-scale production combined with
transmission cost estimates found in the literature are used to compare the LCOH2 of the NBs projects
on a level playing field to those of centralized steam methane reforming and on-site solar-powered
electrolysis. The semi-centralized NB project is competitive with methane reforming plus carbon capture
when including transmission costs, even though the latter appears more attractive on a production cost
basis. By extension, semi-centralized NB projects are expected to be competitive with most low-carbon
centralized plants, as reforming is typically the lowest-cost centralized option. On the other hand, after
accounting for distribution costs, the semi-centralized facility results in higher costs than on-site solar.
However, it should be noted that the solar projects appear especially attractive as they are located in CA
and, more importantly, as no storage costs are included.

To summarize, the competitiveness of using NBs for hydrogen production depends heavily on five
aspects:

e The first is policy, as fair clean energy subsidies are needed for competitiveness with other low-
carbon technologies.

e Second, the regulations regarding on-site personnel (particularly on-site guards) dictate the
economics of small-scale NB projects.

e Third, there are the learning rates in the economics of multiples of the NBs, which are needed
to push down the prices compared to FOAK models.

e Fourth is the use-case of the NBs, where NBs seem most fit for off-grid applications that valorize
the high-temperature heat of the NBs directly in, e.g., SOEC electrolysis.

e Lastly, there is the benefit of local power production — which, in the context of electricity
production in CA, makes the use of NBs competitive despite their LCOE that far exceeds
wholesale electricity prices. In the context of hydrogen production, community-scale NB projects
can be competitive with low-cost centralized steam methane reforming, depending on the
transmission costs.

There are many possible improvements to the economic models as future work, some of which are listed
below:

e A particularly important area of future work is better quantifying the hydrogen handling cost
savings that the NBs can provide, i.e., delivery cost savings compared to (semi-) centralized
plants and storage cost savings compared to intermittent renewables. The scope of the hydrogen
storage, transport, and dispensing cost model should thus be expanded to include more cost
items and delivery pathways

e Performing a more detailed grid integration study that includes the optimization of buying
electricity, other secondary revenue streams (e.g., black-start payments) and the interconnection
costs

e Investigating the direct use of high-temperature heat in thermochemical processes such as steam
methane reforming

e Considering the effects of using TRISO fuels on the licensing process and associated second-
order cost effects

e Improving the cost estimates for the NBs, particularly regarding the TRISO fuel and the FTE
requirements

e Improving the cost estimates for the electrolyzers, e.g., taking into account the electrolyzer
replacement costs
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Appendix A Waste and refueling cost calculations

A.1 Waste cost

Even when using the conventional UO; fuel, the NB waste will be different from traditional light water
reactor waste in its form and burnup — with the lower burnup leading to a larger waste volume on a per-
MWh basis. Both of these factors could lead to a significantly increased waste cost. Therefore, the cost
of waste disposal is estimated from a bottom-up analysis rather than using a flat spent nuclear fuel fee
— as is commonly done in the context of large-scale power reactors.

More specifically, the cost of dry storage is estimated, not the cost of permanent disposal in a geological
repository, as for now, there is no permanent repository in the US. The dry storage cost is estimated by
calculating the number of dry casks needed per core, which, given the cost of a dry cask translates
immediately to a waste cost per core. Note that the cost associated with the emptying of the NB and
filling of the casks is not treated here, but is instead covered under the broader refueling and servicing
cost covered in Appendix A.2. In addition, any costs associated with developing the waste strategy for
NBs is assumed to be amortized, since the main focus is on NOAK NBs.

The design chosen for this analysis is the liquid metal cooled, graphite moderated reactor with UO; fuel
treated by Shirvan et al. [21], Figure 96. As for the casks, the focus is on readily available casks that are
made for current power reactors. It is unlikely that these casks will be the optimal storage system for the
different fuel form of NBs, but the design of a NB-specific cask is outside the scope of this work. In
addition, as will be shown later, the waste cost is so low that the cost savings with an optimal cask will
not materially affect the work.

The end-of-life (EOL) burnup of the NB fuel is on the order of 5 — 15 MWd/kg HM, which is comparable
to the roughly 8 MWd/kg HM EOL burnup of CANDU fuel. So, the disposal cost when using CANDU
waste cannisters is first considered — a schematic of the cannisters is shown in Figure 97. One CANDU
cask can hold 48 CANDU fuel bundles, each of which are about 48 cm long and have a radius of 5.2 cm,
Table 15. By contrast, the NB assemblies are about three times longer at 150 cm and fit in a circle of
diameter 5.3 cm. A single cask can thus also hold 48 NB assemblies assuming that three NB assemblies
fit in the same cross-sectional area as one bundle — see Figure 98 — and the length of each assembly is
three bundles.

Table 15 Geometric parameters of the fuel assemblies of different reactor types

NB CANDU PWR
Cross-sectional i

assembly shape Hexagonal Circular sauare
Side length/radius 265 517 21.4
[cm]

Assembly/bundle 150 48 410
length [cm]

Source [21] [78] [79]
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Figure 96 Liquid metal and FLiBe core design of Shrivan et al. [21]
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Figure 97 Schematic of a CANDU disposal cask, taken from Ref. [80] Figure 98 Schematic showing the positions of
the NB assemblies in the CANDU bundle slot,
the radii of the blue and green circles match the
radii of the NB assemblies and CANDU bundles

Yet there is another constraint, namely that the decay heat limits of the cask cannot be exceeded. After
shutdown of the reactor, the fuel will still generate heat due to the decay of radioactive fission products
created during operation. The decay power decreases as a function of time and increases with increasing
burnup, see Figure 99. The CANDU bundles have an average end-of-life (EOL) of 8 MWd/kg HM, whereas
the NB fuel has a higher average EOL burnup of 11.7 MWd/kg HM. After two years of cooled storage (in
line with the 18 months assumed by Lallemant et al. [81]), the decay power of the NB fuel is about 1.5
times higher than that of the CANDU fuel. Accounting for equal total decay power, the CANDU cask
can only hold 36 NB assemblies. At a cost of 160 k$/cask [78], this puts the total cost of waste disposal
at 377 k$/core, or 0.74 $/ MWh.
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Figure 99 Decay power as a function of time based on decay power calculations from Ref. [78]
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Figure 100 Rendering of the NUHOMS® EOS P37, taken from Figure 101 Schematic showing the positions of the NB
Ref. [81] assemblies in the PWR assembly slot, taken from Ref.
(81]

Alternatively, PWR dry casks can be used — more specifically, the NUHOMS® EOS P37 type casks (Figure
100) in line with the work of Lallemant et al. [81]. Each of the 37 slots for PWR assemblies can hold up
to 16 NB assemblies, see Figure 101. In addition, the PWR assemblies are about three times longer than

the NB assemblies, so three layers of NB assemblies fit in a NUHOMS cask, resulting in a total of 1776
NB assemblies per cask.

Unlike the CANDU casks, the burnup of the NB fuel is now below the burnup of the fuel that normally
fills the volume, so the only constraint will be volumetric. With 1776 assemblies per PWR cask, it can fit
about 21 cores worth of NB assemblies. At a cost of 1 M$ per PWR dry cask (the lower end of costs
assumed in Ref. [81]), the casks cost per NB is low at about 47 300 $/core, which equates to about 0.09 —
0.28 $/MWh for the highest and lowest burnup respectively.
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Based on these results, a uniform distribution of the waste cost between 50 k$ and 400 k$ per core is
used in the economic model. So, despite the higher waste volume per unit energy, the costs associated
with it remain low and comparable to those seen in the industry today. Of course, the analysis presented
here is rough and is only meant to provide an order of magnitude for the waste cost. In addition, it only
considers the cask cost, so the real waste cost (that includes labor etc.) will be higher.

The above analysis assumes that the assemblies are stored as a whole. However, one could remove the
fuel pins from the graphite to store only pins. Not only does this lead to a lesser amount of dry casks
needed, it also allows for the graphite to be stored as a lower waste class. However, | expect that the cost
of developing and operating a pin separation line in the central servicing facility will far outweigh the
decrease in the (already low) waste cost. Furthermore, the analysis implicitly assumes that waste
disposal and associated costs for TRISO fuels will be identical to those of UO; fuel.
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A.2 Refueling cost

The NBs will be refueled, inspected and serviced in a central facility rather than on-site and the cost of
doing so will be passed on to the project owners. Hence, this section evaluates what the refueling (and
servicing) cost will be to have a better picture of the NB economics.

As was the case for Appendix A.1, the analysis is closely related to the work on the design of the central
facility by Lallemant et al. [81], as it evolved together. In his work, the levelized cost of refueling is
estimated through an analogy with the DUPIC process [82], [83], [84], [85] — with the main emphasis
on the cost analysis of Ko et al. [84]. Here, the work is expanded by adding ranges to the cost estimates

and running Monte Carlo simulations of the model. The resulting distribution of outcomes is used in my
LCOH2 calculations.

The levelized cost of refueling LCRF is split in a capital and O&M contribution

LCRF = LCRF,qy + LCRFygy (35)

To calculate the levelized capital cost of the facility, the overnight capital costs and decommissioning
costs are annualized using a capital recovery factor CRF and sinking fund factor SFF, respectively. Both
can be determined using the discount rate r and the economic lifetime of the project t,:

7 (1 +1r)tec
RF = ——F—— 36
¢ (14 r)tec—1 (36)
SFF = z
(Lt r)tee—1 (37)
After annualizing the overnight and decommissioning costs, LCR ¢, follows as:

CRF-(b+1+eq+pc)+SFF-(b+1

LCRF.q, = (1 +¢) - ( 9+pc) b+ (38)

Nref

Where c is the contingency, d the decommission cost fraction, N.f the yearly number of refueled NBs,
b is the building cost, [ is the land cost, eq is the equipment cost, and pc is the preconstruction cost. The
LCRFygy is simpler to calculate:

Stu+mat+m

re

Where c is the contingency, N,.s the yearly number of refueled NBs, s is the annual staff cost, u is the
annual utilities cost, mat is the annual materials cost, and m is the annual maintenance cost. Table 16
shows the cost ranges used. The mode of each distribution is taken from Ref. [81] and the width of the
ranges is 20% to 30% of the mean depending on the perceived rigor of the estimation in Ref. [81]. The
only exception is the discount rate, which is chosen according to the same distribution as used
throughout this work.
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Table 16 Assumptions for the central facility cost model

Parameter Unit Min Mode Max Source
Facility output NBs/y 200 [81]
Facility lifetime y 55 60 65 [81]
Discount rate % 2 6 12

Contingency % 20 30 40 [81]
Land cost M$ 20.7 25.8 31.0 [81]
Building cost M$ 358.6 512.3 665.9 [81]
Equipment cost M$ 204.0 291.6 379.0 [81]
Preconstruction cost M$ 57.7 72.2 86.6 [81]
Staff cost M$/y 43.0 61.4 79.9 [81]
Utilities M$/y 10.2 12.8 15.3 [81]
Materials M$/y 17.5 25.0 32,5 [81]
Maintenance M$/y 8.9 12.8 16.6 [81]
Decommissioning % 40 50 60 [81]

Figure 102 shows the resulting distribution of levelized refueling costs, with a drawn overlay of the
approximate triangular distribution that will be used in further cost modeling. The minimum assumed
refueling cost in the triangular distribution is 0.84 M$/core, the mode is 1.09 M$/core and the maximum
is 1.45 M$/core.

For completeness, the cost breakdown and tornado chart of the LCRF are shown in Figure 103 Figure
104. The O&M costs take up about two thirds of the levelized refueling cost, with the capital cost making
up the remaining third. In addition, the most important parameter, by far, is the facility output. It will
thus be important to avoid delays on the refueling lines.
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Figure 102 The LCRF (in $/NB) distribution resulting from a Monte Carlo simulation with an overlay of the approximate
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Figure 103 The cost breakdown of the LCRF resulting
from Monte Carlo simulations with 50 000 samples
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Figure 104 Tornado chart of the LCRF (in $/NB)
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B.1 Nuclear batteries

As detailed in Section 4.2, reported levelized costs are the result of Monte Carlo simulations with 50 000
samples and are reported as p + 6 [m, M] with p being the average cost, ¢ the standard deviation of the
cost distribution, m the minimum cost, and M the maximum cost.

B.1.1 Community-scale production

Table 17 LCOE breakdown for community-scale PEM electrolysis with UO2-fueled NBs, LCOE given in $/ MWh as p

t 6 [m, M]
NB Type IRA Subsidy Total Capital 0&M Fuel
NOAK None 159 £ 25 86 + 20 28+4 44 +11
(88, 290] [34,179] [19,53]  [25,109]
PTC 142 + 25 86+ 20 28+4 44 +11
[73, 266] (33, 182] [18,55] [25,107]
ITC 135+21 62+14 284 44 £ 11
[77,252] [25, 123] [18,53] [26,108]
FOAK None 134+ 20 62+14 284 44 £ 11
[76, 229] [25, 124] [18,51]  [25,109]
PTC 257 £40 185 + 37 284 44 £ 11

[148, 435] [89, 339] [18,53] [25,111]

ITC 240+40 185 + 37 28+4 44 +11
[127, 435] (86, 354] [17,50] [26, 110]

Table 18 LCOE breakdown for community-scale PEM electrolysis with TRISO-fueled NBs, LCOE given in $/ MWh as

p o [m, M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 170+ 26 8620 27+3 57+13
[91, 291] [31, 177] [17,42]  [26, 119]
PTC 154 + 26 8620 27+3 57+13
[72, 285] [32, 182] [17,41] [27, 113]
ITC 147 £ 21 62+14 273 57+13
[78, 251] [26, 122] [17, 43] [26, 118]
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FOAK None 147 + 21 62+14 27+3 57+13
[81, 243] [22,123] [17,41] [27,118]
PTC 269 £41 185 + 37 27+3 57+13

[154, 463] [81, 340] [18,42] [27,118]

ITC 252 +41 184 + 37 27+3 57+13
[132, 447] [87, 350] [16, 44] [26, 116]

B.1.2 Distributed production

Table 19 LCOE breakdown for distributed PEM electrolysis with UO2-fueled NBs, LCOE given in $/MWh as p + ¢

[m, M]

NB Type IRA Subsidy Total Capital 0&M Fuel
NOAK None 231+36 92 +22 95+24 44 +11
[124, 406] [32,198] [33,175]  [25,109]
PTC 215+ 36 92+22 95+24 44 +11
[101, 375] [37,194] [35,177]  [26,107]
ITC 206 + 32 66 £ 15 95+24 44 +11
[111, 374] [25, 136] (36, 182] [26, 105]
FOAK None 206 + 32 66 + 15 95+24 44 +11
[105,352]  [26,132] [34,179]  [26,112]
PTC 338+50 199 +41 95+24 44 £ 11
[187, 568] [87, 384] [36,180]  [25,105]
ITC 322 +50 199 +41 95+24 44 £ 11
[175, 589] [87,394] [35,178]  [25, 106]

Table 20 LCOE breakdown for distributed PEM electrolysis with TRISO-fueled NBs, LCOE given in $/MWh as p + o

[m, M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 244 + 36 92 +22 94 + 24 58 +13
[132,414]  [37,195] [34,178]  [27, 117]
PTC 227 £ 36 92+22 94 +24 57+13
[108, 374] [38, 200] [34,172] [27,116]
ITC 218 £ 32 66 + 15 94 +24 58 +13
[114, 369] [27, 144] [34, 175] [28, 117]
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FOAK None 218 +32 66 + 15 94 + 24 58 +13
[113, 353] [26, 133] [35, 176] [27, 115]

PTC 350 £50 199 +40 94 + 24 58 +13

[189, 589] [92, 408] [35, 174] [27, 115]

ITC 334+51 199 +41 94 + 24 58 +12

[165, 568] [89, 392] (34, 174] [28, 115]

B.1.3 Distributed production with two NBs

Table 21 LCOE breakdown for distributed PEM electrolysis with two UO2-fueled NBs, LCOE given in $/MWh as p +

o [m, M]

NB Type IRA Subsidy Total Capital 0&M Fuel
NOAK None 193 +£30 92 +22 58 +13 44 +11
[105, 347] [36, 189] [25,122]  [25,111]
PTC 177 £30 92+22 58 +13 44 +11
[90, 333] [35,194] [24,122]  [26,107]
ITC 168 £ 26 66 £ 15 58+13 44 +11
[93, 308] [26, 132] [23,119]  [25,105]
FOAK None 168 + 26 66 + 15 58+13 44 +11
[86, 315] [25, 132] [24,126]  [26,109]
PTC 300 +47 199 +41 58+13 44 £ 11
[165, 566] [91, 400] [24,127]  [25,108]
ITC 284 +47 199 +41 58+13 44 £ 11
[141, 501] [89, 378] [23,123]  [25,108]

Table 22 LCOE breakdown for distributed PEM electrolysis with two TRISO-fueled NBs, LCOE given in $/ MWh as p

t o [m, M]
NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 206 £ 31 92 +22 56 +13 57+13
[111, 378] [36, 195] [23,117] [27, 115]
PTC 189 +31 92+22 56+13 57+13
[88, 346] [34, 195] [23,117] [26, 118]
ITC 180 + 26 66 + 15 56+13 57+13

[98, 305] [26, 136] [23, 114] [26, 118]
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FOAK None 180 + 26 66 + 15 56 +13 57+13
[91, 312] [26, 135] [23,113] [27, 116]

PTC 312 £ 47 199 +41 56 +13 57+13

[157, 551] [95, 400] [23, 115] [27, 115]

ITC 296 t 47 199 +41 56+13 57+13

[155, 532] [89, 400] [24, 113] [26, 114]

B.2 Nuclear batteries used in SOEC electrolysis

The LCOE when using NBs for SOEC electrolysis is derived from the LCOH as LCOE = LCOH /1. The
parameters of the NBs haven’t changed between PEM and SOEC electrolysis, but the number of NBs
needed for the more-efficient SOEC electrolysis is lower than for PEM electrolysis. As a result, the LCOE
between both cases differ due to economies of scale — in particular for spreading the fixed O&M costs.
At the community scale and for distributed production with two NBs the differences remain below 1%,
so the results are not repeated.

B.2.1 Distributed production

Table 23 LCOE breakdown for distributed SOEC electrolysis with UO2-fueled NBs, LCOE given in $/MWh as p + ¢

[m, M]

NB Type IRA Subsidy Total Capital 0&M Fuel
NOAK None 255141 92 +22 118 +31 45+ 11
[130, 443] [34, 190] [43,222] [26,107]
PTC 239141 92 +22 118 +31 45+ 11
[112,414]  [35,204] [41,228]  [26, 109]
ITC 230+ 37 66 + 15 118 £31 45+11
[119,395]  [24, 133] [43,223]  [26,111]
FOAK None 230+ 37 67 +15 118 £31 45+11
[118,390]  [26,132] [43,226]  [26,107]
PTC 362 +54 199 +41 118 +31 45+ 11
[188, 597] [83,394] [43,225] [26,108]
ITC 346 + 54 199 £ 41 119+31 45+11
[176, 610] [95, 396] [44,228] [26,107]
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Table 24 LCOE breakdown for distributed SOEC electrolysis with TRISO-fueled NBs, LCOE given in $/MWh as p + o

[m, M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 268 £ 41 92 +22 117 +31 59+13
[142, 451] [37, 196] [43, 219] [28, 121]
PTC 252 +41 92 +22 117 +31 59+13
[120, 438] [33, 200] [39, 219] [29, 115]
ITC 243 + 37 66 + 15 117 +31 59+13
[122, 402] [26, 134] [43, 223] [28, 113]
FOAK None 243 + 38 66 + 15 117 +31 59+13
[119, 398] [25, 135] [42,222] [28, 117]
PTC 375+ 54 199 +41 117 +31 59+13
[209, 613] [87, 390] [41, 219] [28, 116]
ITC 359 + 54 199 +41 117 +31 59+13
[181, 602] [90, 389] [41, 217] [28, 116]
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As detailed in Section 4.2, reported levelized costs are the result of Monte Carlo simulations with 50 000
samples and are reported as p + 6 [m, M] with p being the average cost, o the standard deviation of the
cost distribution, m the minimum cost, and M the maximum cost.

C.1 PEM electrolysis with grid electricity

Table 25 LCOH2 for PEM electrolysis using grid electricity in $/kg as p £ o [m, M]

Paradigm IRA Total Capital 0&M Fuel
Community- None 10.03 £ 0.42 0.36 £0.09 0.33+0.08 9.34+0.40
scale [8.81, 11.34] [0.16, 0.77] [0.17,0.57] [8.31, 10.26]
PTC 6.18 £ 0.42 0.36+0.09 0.33+0.08 8.49+0.40
[4.93,7.44] [0.15, 0.83] [0.17,0.57] [7.47,9.41]
ITC 9.91+041 0.24+0.06 0.33+0.08 9.34+0.40
[8.73,11.06] [0.10, 0.53] [0.17,0.57] [8.31, 10.25]
Distributed  None 10.12 £+ 0.42 0.44+0.11 0.34+0.09 9.34+0.40
[8.81, 11.50] [0.19, 0.94] [0.17,0.62] [8.33,10.25]
PTC 6.27 £ 0.42 0.44+0.11 0.34+0.09 8.49+0.40
[4.99, 7.66] [0.19, 0.97] [0.17, 0.60] [7.47,9.40]
ITC 9.97+0.41 0.30+0.07 0.34+0.09 9.34+0.40
[8.76, 11.24] [0.12, 0.63] [0.17, 0.60] [8.31, 10.26]
C.1.1 Community-scale production
Comparison
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Figure 105 Comparison of the LCOH2 for community-scale PEM electrolysis using grid electricity when claiming different
types of IRA subsidies, the LCOH2 is broken up in two columns for each case to show share of the levelized cost of the
electrolyzers versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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C.1.2 Distributed production
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Figure 106 Comparison of the LCOH2 for distributed PEM electrolysis using grid electricity when claiming different types of
IRA subsidies, the LCOH2 is broken up in two columns for each case to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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C.2 PEM electrolysis with nuclear batteries

C.2.1 Community-scale production

Table 26 LCOH2 breakdown for semi-centralized PEM electrolysis with UO2-fueled NBs, LCOH2 given in $/kg as p + 6 [m, M]

NB Type I[RA Subsidy Total Capital O&M Fuel
NOAK None 8.85+1.33 0.38 +0.10 0.34 £0.09 8.13+1.30
[5.11, 15.86] [0.17,0.83] [0.17, 0.60] [4.52,14.86]
PTC 5.41+1.83 0.38 +0.10 0.34 £0.09 7.27 £1.30
[1.39, 13.57] [0.16, 0.83] [0.17,0.59] [3.76, 13.62]
ITC 7.50+1.07 0.25 +0.06 0.34 £0.09 6.91+1.05
[4.47,13.72] [0.11, 0.55] [0.17, 0.60] [3.96,12.91]
Mixed 5.04 £1.65 0.38+0.10 0.34 +£0.09 6.89 +£1.04
[1.35, 11.75] [0.16, 0.79] [0.17, 0.60] [3.88, 11.77]
FOAK None 13.90 £ 2.13 0.38+0.10 0.34 +£0.09 13.19+2.08
[8.16, 23.41] [0.16, 0.82] [0.17, 0.60] [7.58, 22.31]
PTC 10.47 £ 2.46 0.38+0.10 0.34 +0.09 12.32+2.07
[4.04, 22.57] [0.16, 0.79] [0.17, 0.60] [6.54, 22.29]
ITC 10.86 £1.52 0.25+£0.06 0.34 £0.09 10.27 £1.49
[6.36, 19.37] [0.11, 0.55] [0.17, 0.60] [5.95, 18.55]
Mixed 8.44 +1.99 0.38+0.10 0.34 +£0.09 10.29+1.49
[3.50, 17.60] [0.17, 0.82] [0.17, 0.60] [5.93, 17.70]
UO; NOAK comparison
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Figure 107 Comparison of the LCOH2 for community-scale PEM electrolysis using NOAK UOz-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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UO:; FOAK comparison
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Figure 108 Comparison of the LCOH2 for community-scale PEM electrolysis using FOAK UOaz-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel

Table 27 LCOH2 breakdown for semi-centralized PEM electrolysis with TRISO-fueled NBs, LCOH2 given in $/kg as p + 6 [m,

M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 9.45+1.37 0.38+0.10 0.34+0.09 8.73+1.33
[5.23,15.77] [0.16, 0.81] [0.17, 0.60] [4.65, 14.93]
PTC 5.60+1.36 0.38+0.10 0.34+0.09 7.88+1.33
[1.24,12.49] [0.16, 0.82] [0.17, 0.60] [3.67,14.62]
ITC 8.11+1.10 0.25+0.06 0.34+0.09 7.52+1.07
[4.42,13.50] [0.11, 0.52] [0.17, 0.60] [4.00, 12.86]
Mixed 5.24+1.10 0.38+0.10 0.34+0.09 7.52 £1.07
[1.69, 10.18] [0.16, 0.82] [0.17,0.59] [4.18, 12.45]
FOAK None 1450+ 2.16 0.38+0.10 0.34+0.09 13.79+2.10
[8.54, 24.66] [0.17,0.83] [0.17, 0.60] [7.91, 23.74]
PTC 10.65+2.17 0.38+0.10 0.34+0.09 12.93+2.12
[4.56, 20.76] [0.17,0.81] [0.17,0.60] [6.78, 22.95]
ITC 11.50 £ 1.56 0.25+0.06 0.34+0.09 10.91+1.53
[6.33, 18.66] [0.11, 0.55] [0.17,0.59] [5.94, 17.86]
Mixed 8.62 +1.57 0.38+0.10 0.34+0.09 10.91+1.52
[3.70, 15.24] [0.17,0.79] [0.17, 0.60] [6.15, 17.53]
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TRISO NOAK comparison
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Figure 109 Comparison of the LCOH2 for community-scale PEM electrolysis using NOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 110 Comparison of the LCOH2 for community-scale PEM electrolysis using FOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel

— 128 —



Appendix C: LCOH2 Results

C.2.2 Distributed production

Table 28 LCOH2 breakdown for distributed PEM electrolysis with UO2-fueled NBs, LCOH2 given in $/kg as p £ o [m, M]

NB Type IRA Subsidy Total Capital Oo&M Fuel
NOAK None 12.73 £1.88 0.48 £0.12 0.39+0.10 11.86+1.84
[6.98, 21.80] [0.21, 1.01] [0.18,0.73] [6.36, 20.82]
PTC 9.33+2.27 0.48 £0.12 0.39+£0.10 11.02+1.84
[2.90, 19.41] [0.20, 1.07] [0.19, 0.73] [5.17, 19.24]
ITC 11.26 +1.65 0.32+£0.08 0.39+0.10 10.55+1.63
[6.37, 20.06] [0.14, 0.68] [0.18, 0.73] [5.70, 19.17]
Mixed 8.87+2.08 0.48 £0.12 0.39+0.10 10.56 £ 1.63
[3.19, 18.00] [0.21, 1.06] [0.19,0.74] [5.39, 18.05]
FOAK None 18.19+2.63 0.48 £0.12 0.39+0.10 17.33+2.56
[10.18, 30.10] [0.21, 1.06] [0.19,0.73] [9.59, 29.12]
PTC 14.80+2.91 0.48 £0.12 0.39+0.10 16.49 + 2.56
[6.50, 30.31] [0.21, 1.06] [0.18,0.74] [8.96, 30.21]
ITC 1491 +2.04 0.32 £ 0.08 0.39+0.10 14.20+ 2.00
[8.31, 24.03] [0.14,0.71] [0.19,0.74] [7.82, 23.16]
Mixed 12.52+2.42 0.48 £0.12 0.38+£0.10 14.21+2.01
[5.29, 24.68] [0.20, 1.07] [0.18,0.74] [7.62, 24.59]
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Figure 111 Comparison of the LCOH2 for distributed PEM electrolysis using NOAK UO2-fueled NBs when claiming different
types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers versus energy
and to show the distribution between the levelized costs of capital, O&M, and fuel
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UO:; FOAK comparison

20.01
17.51
15.01 Cost of:
I Electrolyzer
—12.5
9 N Energy
& 10.0 1 Bl Capital
75 O&M
' I Fuel
5.0
2.54
0.0-
No subsidy Mixed

Figure 112 Comparison of the LCOH2 for distributed PEM electrolysis using FOAK UO2-fueled NBs when claiming different
types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers versus energy
and to show the distribution between the levelized costs of capital, O&M, and fuel

Table 29 LCOH2 breakdown for distributed PEM electrolysis with TRISO-fueled NBs, LCOH2 given in $/kg as p + 6 [m, M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 13.38+1.90 0.48+0.12 0.39+0.10 12.51+1.86
[7.53,22.27] [0.20, 1.02] [0.19, 0.73] [6.78,21.22]
PTC 9.49+1.89 0.48+0.12 0.38+0.10 11.63+1.84
[3.42,17.14] [0.20, 1.06] [0.19, 0.74] [5.54, 19.17]
ITC 11.89+1.66 0.32+£0.08 0.39+0.10 11.18+1.64
[6.55, 20.05] [0.14,0.71] [0.19,0.73] [5.85, 18.91]
Mixed 9.04 +1.67 0.48+0.12 0.39+0.10 11.18+1.64
[3.53,16.51] [0.20, 1.06] [0.19, 0.73] [5.78,18.11]
FOAK None 18.84 + 2.64 0.48+0.12 0.38+0.10 17.97 +2.58
[10.33, 31.21] [0.21, 1.03] [0.19, 0.73] [9.72,30.21]
PTC 14.98 +2.66 0.48+0.12 0.39+0.10 17.11+2.60
[6.02, 27.55] [0.20, 1.04] [0.19, 0.74] [8.44,29.13]
ITC 15.53 +£2.07 0.32+0.08 0.39+0.10 14.82 +2.03
[8.28, 25.35] [0.14,0.71] [0.19, 0.74] [7.59, 24.61]
Mixed 12.70 £2.09 0.48+£0.12 0.39+0.10 14.84 +2.04
[5.96, 22.20] [0.21, 1.04] [0.19,0.73] [8.28, 24.34]
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Figure 113 Comparison of the LCOH2 for distributed PEM electrolysis using NOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 114 Comparison of the LCOH2 for distributed PEM electrolysis using FOAK TRISO-fueled NBs when claiming different
types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers versus energy
and to show the distribution between the levelized costs of capital, O&M, and fuel
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C.2.3 Distributed production with two NBs

Table 30 LCOH2 breakdown for distributed PEM electrolysis with two UO2-fueled NBs, LCOH2 given in $/kg as p + 6 [m, M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 10.65+1.60 0.36 £ 0.09 0.37+£0.10 9.92 +1.55
[5.87, 18.63] [0.15, 0.83] [0.18, 0.71] [5.38, 17.80]
PTC 7.25+2.03 0.36 £ 0.09 0.37+£0.10 9.08 + 1.55
[2.24, 16.93] [0.15, 0.83] [0.18, 0.71] [4.61, 17.09]
ITC 9.24+1.34 0.24 £ 0.06 0.37+£0.10 8.63+1.31
[5.28, 16.72] [0.09, 0.55] [0.18, 0.72] [4.76, 15.79]
Mixed 6.79 £1.85 0.36 £ 0.09 0.37+£0.10 8.62+1.31
[2.13, 16.26] [0.15, 0.87] [0.18, 0.72] [4.41, 16.16]
FOAK None 16.14 £ 2.46 0.36 £ 0.09 0.37+£0.10 15.41+2.40
[8.98, 29.92] [0.14, 0.83] [0.18, 0.73] [8.48, 29.04]
PTC 12.75+2.76 0.36 £ 0.09 0.37+£0.10 14.58 + 2.39
[4.79, 25.50] [0.15, 0.82] [0.18, 0.72] [7.25, 25.73]
ITC 12.89+1.83 0.24 £ 0.06 0.37+£0.10 12.28+1.78
[7.46, 23.57] [0.10, 0.57] [0.18, 0.71] [6.82, 22.94]
Mixed 10.45+2.22 0.36 £ 0.09 0.37+£0.10 12.28+1.78
[4.03, 21.27] [0.14, 0.84] [0.18, 0.70] [6.51, 21.46]
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Figure 115 Comparison of the LCOH2 for distributed PEM electrolysis using two NOAK UO2-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 116 Comparison of the LCOH2 for distributed PEM electrolysis using two FOAK UO2-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel

Table 31 LCOH2 breakdown for distributed PEM electrolysis with two TRISO-fueled NBs, LCOH2 given in $/kg as p + ¢ [m,

M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 11.28 £1.63 0.36£0.09 0.37+£0.10 10.55+1.58
[6.28, 20.43] [0.14,0.79] [0.18,0.71] [5.67,19.39]
PTC 7.44 +1.64 0.36+£0.09 0.37+0.10 9.71+1.60
[2.08, 15.72] [0.15, 0.90] [0.18,0.71] [4.52,17.76]
ITC 9.84 +1.37 0.24+0.06 0.37+0.10 9.23+1.34
[5.54, 16.34] [0.10, 0.54] [0.18,0.71] [5.03, 15.63]
Mixed 6.96 +1.38 0.36+0.09 0.37+0.10 9.23+1.34
[2.30, 13.91] [0.15, 0.84] [0.18, 0.70] [4.69, 16.00]
FOAK None 16.74 £ 2.49 0.36 £0.09 0.37+0.10 16.01+2.44
[8.61, 29.38] [0.15, 0.87] [0.18,0.73] [8.07, 28.28]
PTC 12.93+2.49 0.36+0.09 0.37+0.10 15.20+2.43
[5.52, 25.29] [0.14, 0.84] [0.18,0.72] [7.97, 27.29]
ITC 13.50+1.84 0.24 +£0.06 0.37+0.10 12.89+1.80
[7.60, 21.69] [0.10, 0.54] [0.17,0.72] [7.23, 21.00]
Mixed 10.64 + 1.87 0.36+0.09 0.37+0.10 12.91+1.82
[4.52,19.93] [0.14, 0.82] [0.18,0.72] [7.13,21.97]
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Figure 117 Comparison of the LCOH2 for distributed PEM electrolysis using two NOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 118 Comparison of the LCOH2 for distributed PEM electrolysis using two FOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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C.3 SOEC electrolysis with nuclear batteries

C.3.1 Community-scale production

Table 32 LCOH2 breakdown given in $/kg as p + 6 [m, M] for semi-centralized SOEC electrolysis with UO2-fueled NBs

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 7.53+1.07 0.62+0.12 0.48 +0.05 6.42+1.01
[4.25, 13.07] [0.32, 1.05] [0.35, 0.64] [3.33,11.68]
PTC 3.99+1.27 0.62+0.12 0.48 +0.05 5.79+1.02
[0.83,11.19] [0.33, 1.06] [0.34,0.64] [2.88, 10.92]
ITC 6.37+0.84 0.42 +0.08 0.48 +0.05 5.47+0.81
[3.98, 10.65] [0.21, 0.70] [0.35, 0.64] [3.27,9.67]
Mixed 3.67+1.09 0.62 £0.12 0.48 £ 0.05 5.47 £0.81
[1.05,9.92] [0.32,1.05] [0.35, 0.64] [3.22,9.65]
FOAK None 11.50+1.71 0.62+0.12 0.48 £ 0.05 10.39+1.63
[6.73, 18.92] [0.32, 1.06] [0.35, 0.63] [5.83,17.61]
PTC 7.96+£1.83 0.62 +0.12 0.48 £ 0.05 9.76 £ 1.61
[3.06, 18.15] [0.32,1.05] [0.35, 0.64] [5.21,17.70]
ITC 9.03+1.22 0.42 +0.08 0.48 +0.05 8.13+1.16
[5.32,15.53] [0.21, 0.70] [0.35, 0.64] [4.66, 14.49]
Mixed 6.33+1.41 0.62+0.12 0.48 £ 0.05 8.13+1.16
[2.58, 13.91] [0.32,1.05] [0.35, 0.63] [4.76,13.71]
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Figure 119 Comparison of the LCOH2 for community-scale SOEC electrolysis using NOAK UO2-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 120 Comparison of the LCOH2 for community-scale SOEC electrolysis using FOAK UO2-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel

Table 33 LCOH2 breakdown for community-scale SOEC electrolysis with TRISO-fueled NBs, LCOH2 given in $/kgasp + ¢

[m, M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 8.03+1.09 0.63+0.12 0.48 £0.05 6.92+1.03
[4.56, 13.27] [0.32, 1.06] [0.35,0.63] [3.71,11.86]
PTC 4.40+1.10 0.63+0.12 0.48 +0.05 6.29+1.04
[1.08, 9.44] [0.32, 1.04] [0.35, 0.64] [3.07,11.17]
ITC 6.86 +0.86 0.42 +0.08 0.48 £ 0.05 5.96+0.83
[4.02, 11.14] [0.21,0.72] [0.35, 0.64] [3.29, 10.18]
Mixed 4.07 £0.89 0.62+0.12 0.48 £0.05 5.96+0.84
[1.37, 8.46] [0.32, 1.05] [0.35, 0.64] [3.44, 10.06]
FOAK None 11.99+1.74 0.63+0.12 0.48 £0.05 10.89 £ 1.65
[7.02, 19.95] [0.32, 1.05] [0.35, 0.64] [6.16, 18.48]
PTC 8.36+1.73 0.62+0.12 0.48 £0.05 10.25+1.64
[3.24, 16.00] [0.32,1.07] [0.35, 0.64] [5.46, 17.60]
ITC 9.52+1.24 0.42 +£0.08 0.48 £0.05 8.62+1.18
[5.51, 14.94] [0.22,0.72] [0.35,0.63] [4.81,13.94]
Mixed 6.72+1.26 0.62+0.12 0.48 +0.05 8.62+1.18
[2.96, 13.01] [0.33, 1.03] [0.34, 0.63] [5.04, 14.57]
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Figure 121 Comparison of the LCOH2 for community-scale SOEC electrolysis using NOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 122 Comparison of the LCOH2 for community-scale SOEC electrolysis using FOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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C.3.2 Distributed production

Table 34 LCOH2 breakdown for distributed SOEC electrolysis with UO2-fueled NBs, LCOH2 given in $/kg as p = 6 [m, M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 11.49+1.68 0.67+0.13 0.54 +0.06 10.29+1.63
[6.22,19.17] [0.35,1.17] [0.37,0.75] [5.29, 17.70]
PTC 7.98 +1.82 0.67+0.13 0.54 +0.06 9.67+1.64
[2.54,16.92] [0.34, 1.21] [0.37,0.76] [4.54, 16.65]
ITC 10.24 £ 1.52 0.45+0.09 0.54+£0.06 9.26+1.49
[5.69, 17.18] [0.23,0.79] [0.37,0.75] [4.83,16.01]
Mixed 7.56 £1.67 0.67+0.13 0.54+£0.06 9.26+1.49
[2.79, 15.85] [0.34, 1.21] [0.38, 0.75] [4.79, 15.58]
FOAK None 15.79+2.24 0.67+0.13 0.54+0.06 14.59+2.15
[8.60, 25.71] [0.34, 1.15] [0.37,0.74] [7.60, 24.14]
PTC 12.28 +2.35 0.67+0.13 0.54 +0.06 13.98 +2.17
[5.11, 24.91] [0.35,1.17] [0.37,0.76] [7.12, 24.48]
ITC 13.12+1.81 0.45+0.09 0.54 +0.06 12.14+1.77
[7.17, 20.93] [0.23,0.78] [0.38,0.75] [6.36, 19.74]
Mixed 10.45+1.94 0.67+£0.13 0.54 +0.06 12.15+1.75
[4.54,20.81] [0.32,1.16] [0.37,0.74] [6.58, 20.34]
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Figure 123 Comparison of the LCOH2 for distributed SOEC electrolysis using NOAK UO2-fueled NBs when claiming different
types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers versus energy
and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 124 Comparison of the LCOH2 for distributed SOEC electrolysis using FOAK UO2-fueled NBs when claiming different
types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers versus energy
and to show the distribution between the levelized costs of capital, O&M, and fuel

Table 35 LCOH2 breakdown for distributed SOEC electrolysis with TRISO-fueled NBs, LCOH2 given in $/kg as p + ¢ [m, M]

NB Type IRA Subsidy Total Capital 0&M Fuel
NOAK None 12.01+1.69 0.67+£0.13 0.54 +0.06 10.81+1.64
[6.70, 19.55] [0.36, 1.13] [0.37,0.76] [5.76, 18.03]
PTC 8.39+1.69 0.67+0.13 0.54 +0.06 10.19+1.65
[3.01, 16.20] [0.34, 1.16] [0.37,0.75] [4.88,17.57]
ITC 10.76 £ 1.52 0.45+0.09 0.54 £0.06 9.78 £1.50
[5.81,17.01] [0.24,0.77] [0.37,0.75] [4.91, 16.05]
Mixed 7.98 +1.54 0.67+0.13 0.53+0.06 9.78 £1.50
[2.90, 14.36] [0.34, 1.15] [0.37,0.75] [4.81,15.96]
FOAK None 16.31+2.26 0.67+0.13 0.54 +£0.06 15.11+2.18
[9.37,26.01] [0.36, 1.15] [0.38, 0.75] [8.36, 24.54]
PTC 12.70 £ 2.27 0.67+0.13 0.53+0.06 14.49+2.19
[5.36, 23.18] [0.36, 1.19] [0.38, 0.75] [7.35, 24.45]
ITC 13.63+1.82 0.45+0.09 0.54 £ 0.06 12.65+1.77
[7.72,22.18] [0.23,0.77] [0.37,0.76] [6.87,20.85]
Mixed 10.86 £ 1.85 0.67+£0.13 0.54 £0.06 12.65+1.78
[5.23, 18.13] [0.34,1.18] [0.37,0.76] [7.10, 19.79]
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Figure 125 Comparison of the LCOH2 for distributed SOEC electrolysis using NOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 126 Comparison of the LCOH2 for distributed SOEC electrolysis using FOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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C.3.3 Distributed production with two NBs

Table 36 LCOH2 breakdown for distributed SOEC electrolysis with two UO2-fueled NBs, LCOH2 given in $/kg as p + 6 [m, M]

NB Type IRA Subsidy Total Capital 0&M Fuel
NOAK None 8.76 £ 1.27 0.44 £ 0.09 0.51+0.06 7.81+1.22
[4.87, 15.21] [0.22, 0.83] [0.35, 0.73] [4.06, 13.82]
PTC 5.22+1.44 0.44 £ 0.09 0.51+0.06 7.18+1.22
[1.20, 13.54] [0.21, 0.82] [0.35,0.73] [3.36, 13.25]
ITC 7.57 £1.05 0.29 £ 0.06 0.51+£0.06 6.76 £ 1.02
[4.54, 14.08] [0.15, 0.55] [0.35,0.72] [3.80,12.92]
Mixed 4.81+1.26 0.44 £0.09 0.51+£0.06 6.76 £ 1.01
[1.65, 13.01] [0.22,0.79] [0.35,0.72] [3.81,12.79]
FOAK None 13.05+1.95 0.44 +0.09 0.51+£0.06 12.10+£1.87
[7.22, 22.34] [0.23, 0.80] [0.35, 0.73] [6.46, 21.14]
PTC 9.52+2.06 0.44 £ 0.09 0.51 +£0.06 11.48 + 1.87
[3.70, 20.42] [0.21, 0.84] [0.35, 0.73] [5.88, 20.26]
ITC 10.45+1.43 0.29 £ 0.06 0.51 +£0.06 9.64 +1.38
[5.84, 17.36] [0.15, 0.56] [0.36, 0.73] [5.18, 16.34]
Mixed 7.69+1.60 0.44 £ 0.09 0.51 +£0.06 9.65+1.38
[3.31, 16.85] [0.21, 0.83] [0.35, 0.74] [5.58, 16.58]
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Figure 127 Comparison of the LCOH2 for distributed SOEC electrolysis using two NOAK UOz-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 128 Comparison of the LCOH2 for distributed SOEC electrolysis using two FOAK UO2-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel

Table 37 LCOH2 breakdown for distributed SOEC electrolysis with two TRISO-fueled NBs, LCOH2 given in $/kg as p + o [m,

M]

NB Type IRA Subsidy Total Capital O&M Fuel
NOAK None 9.23+1.29 0.44 £0.09 0.51+£0.06 8.28+1.24
[5.25, 15.27] [0.22, 0.84] [0.35,0.72] [4.43,14.03]
PTC 5.61+1.30 0.44 £0.09 0.51+£0.06 7.66 £1.25
[1.24,11.69] [0.22,0.83] [0.36,0.73] [3.43,13.49]
ITC 8.05+1.08 0.29+0.06 0.51+0.06 7.25+1.04
[4.64,13.81] [0.14, 0.54] [0.35,0.72] [3.92,12.90]
Mixed 5.20+1.09 0.44 +0.09 0.51+0.06 7.25+1.04
[1.64,11.11] [0.21, 0.82] [0.36,0.72] [3.88,13.04]
FOAK None 13.52+1.96 0.44 +£0.09 0.51+0.06 12.57+1.89
[7.60, 22.14] [0.21, 0.82] [0.35,0.72] [6.88, 20.94]
PTC 9.89+1.96 0.44 +£0.09 0.51+0.06 11.94 +1.89
[3.62, 19.23] [0.21, 0.81] [0.35,0.72] [5.88, 20.94]
ITC 10.93+1.46 0.29+0.06 0.51+£0.06 10.12+1.41
[6.41,17.72] [0.14, 0.55] [0.35, 0.73] [5.75, 16.84]
Mixed 8.06 + 1.47 0.44 +£0.09 0.51+£0.06 10.12+1.41
[3.61, 15.46] [0.22,0.82] [0.35,0.72] [5.87,17.16]
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Figure 129 Comparison of the LCOH2 for distributed SOEC electrolysis using two NOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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Figure 130 Comparison of the LCOH2 for distributed SOEC electrolysis using two FOAK TRISO-fueled NBs when claiming
different types of IRA subsidies, the LCOH2 is broken in two ways to show share of the levelized cost of the electrolyzers
versus energy and to show the distribution between the levelized costs of capital, O&M, and fuel
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